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Summary
In this thesis, the impacts of injecting water composition on the wetting tendency of the carbonate
rock surface and the role of reactive transportation of ionic species on the displacement of two phases
of oil and water in homogenous and heterogeneous porous media are investigated.
In chapter 1, a short introduction about the past endeavours on the context of modified salinity water
flooding (MSW) is presented. In chapter 2, the effect of water salinity and ionic composition on the
wettability of the carbonate rock surface is studied. The wetting preference of carbonate rock surface
is estimated using the extended DLVO theory through the calculation of surface forces and energies
induced by structural, van der Waals and electric double layer forces. For the estimation of structural
and van der Waals forces, the empirical equations are employed. Also, for the electrical double layer
force, the Poisson-Boltzmann equation for dissimilar surface polarity surrounded by a general
electrolyte solution is solved numerically. These analyses are performed for different individual salts
to elucidate the impact of each salt on the wetting behaviour of the rock surface. Through estimation
of disjoining pressure, the wettability of carbonate rock is predicted by the calculation of contact
angle for an ideal solid surface. The results suggest that while increasing the concentration of salts
such as MgCl2, MgSO4, and CaCl2 results in more water-wet conditions, other salts like NaCl, KCl,
and Na2SO4 leads to less water-wet conditions.
In Chapter 3, the behaviour of modified salinity water injection during secondary and tertiary modes
in forced flooding tests are simulated. Previous investigations for mathematically modelling of
forced MSW flooding include complex reactive transport models and an indicator for the mobility
alteration of phases. Because of several fitting parameters, almost all proposed models can
reasonably fit a limited set of core-flooding recovery data, which makes the choice of physical
mechanisms for the development of a mechanistic model irrelevant. To address this issue, the
transport of the two phases (e.g. oil and water) in the porous medium is analysed through the
engagement of Buckley-Leverett frontal advance theory combined with the reactive transport of
ionic species in carbonate porous medium. Instead of matching only the recovery factor and pressure
drop history, a higher priority for matching the different ion concentrations and oil breakthrough
times is given. The obtained results show that the oil breakthrough time can be correctly predicted
by considering the wettability alteration due to the adsorption of potential determining ions on the
carbonate surface.
The success of MSW flooding in the improvement of oil recovery both in core and oil reservoir
scales depends on the activation of the physicochemical interactions at the locations where the
electrochemical equilibrium condition has not been disturbed before the injection of MSW. Usually,
the rock surface is covered with the residual oil that is left after the conventional water flooding.
I

Therefore, the potential determining ions need to diffuse into the thin water film between the mineral
surface and the residual oil to change the wettability of the rock surface. To study the contribution
of wettability change in the area covered by the residual oil, the wettability modification at thin water
film domain was linked to the mobility of the phases in Darcy domain in Chapter 4. The results
show that the combination of ionic adsorption on the rock surface and ionic diffusion process in the
water films control the onset and acceleration of extra oil production during MSW flooding.
Chapter 5 describes the impact of heterogeneity on the performance of MSW flooding in the low
permeable reservoir. The analysis of oil breakthrough time in a homogenous system that is discussed
in previous chapters shows that the oil production in secondary and tertiary mode occurs with a delay
due to the transport retardation of ionic species. Obviously, this effect is economically unfavourable.
However, the geological and petrophysical properties of oil filed reservoirs are considerably different
from the homogenous system. For this chapter, the size of the delay, caused by ionic adsorption, in
oil breakthrough time for various heterogeneous systems are examined using commercial reservoir
simulator Eclipse 100. The obtained results confirm that as the level of heterogeneity increases, the
adverse effect of ionic adsorption on oil production decreases.
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Resumé
I denne afhandling undersøges indflydelsen af sammensætningen af injiceret vand på
karbonatbjerartens fugtpræference og effekten af reaktiv iontransport på to-fase- produktionen af
olie og vand fra homogene og heterogene porøse materialer.
Kapitel 1 indeholder en kort beskrivelse af tidligere undersøgelser af injektion af modificeret
saltvand (MSW). Kapitel 2 beskriver effekten af vandets salinitet og ion-sammensætning på
kalkoverfladens fugtpræference. Fugtpræferencen er estimeret ved hjælp af den udvidede DLVO
teori, ved beregninger af overfladekræfter og energier, som er et resultat af strukturelle kræfter og
van der Waals kræfter samt kræfterne i det elektriske dobbeltlag. For at estimere størrelsen af de
strukturelle kræfter og van der Waals kræfter anvendes empiriske formler. Ligeledes er PoissonBoltzmanns formel for en overfalde med uensartet polaritet og omgivet af en almindelig
elektrolytopløsning løst numerisk for at beskrive kræfterne i det elektriske dobbeltlag. Disse analyser
er udført for forskellige individuelle salte for at belyse de enkeltes påvirkning af overfladens
fugtpræference. Ved at estimere det såkaldte disjoining pressure kan fugtpræferencen af
karbonatbjergarten forudsiges ved at beregne kontaktvinklen ved ideal fast overflade. Resultaterne
antyder, at mens øget koncentration af salte som MgCl2, MgSO4, og CaCl2 resulterer i øget vandvåd
præference, giver salte som NaCl, KCl, og Na2SO4 en mindre vandvåd præference.
Kapitel 3 beskriver simuleringer af forced flooding for sekundær og tertiære indvinding test med
injektionsvand med modificeret salinitet. Tidligere matematiske modelleringer af forced MSW
flooding har inkluderet komplekse reaktive transport modeller og en indikator for fasers
mobilitetsændringer. Ved brug af flere tilpasningsparametre kan næsten alle foreslåede modeller
tilpasses et begrænset sæt af core-flooding indvidingsdata, hvilket gør bestemmelsen af de fysiske
mekanismer for udvikling af en mekanistisk model irrelevante. For at adressere dette, er transport af
to faser (f.eks. olie og vand) i det porøse medium analyseret ved brug af Buckley-Leverett frontal
advance theory kombineret med reaktiv transport af ioner i et porøst karbonat-materiale. I stedet for
kun at matche historikken for indvindingsfaktoren og trykfaldet, blev tilpasning af de forskellige
ionkoncentrationer og oliens gennembrudstider prioriteret. De opnåede resultater viser, at oliens
korrekte gennembrudstider kan forudsiges ved at betragte de ændringer i fugtpræference, som sker
ved adsorption af potentielt bestemmende ioner på karbonatoverfladen.
Hvorvidt injektion af modificeret saltvand (MSW) resulterer i forbedret olieudvinding både i kerneog reservoirskala afhænger af aktivering af fysisk-kemiske interaktioner på de steder hvor den
elektrokemiske ligevægtsbetingelse ikke har været forstyrret før injektionen af modificeret saltvand.
Normalt er bjergartens overflade dækket af den residuale olie, der er tilbage efter traditionel
vandinjektion. Derfor skal de potentielt afgørende ioner spredes ind i den tynde vandfilm mellem
den mineralholdige overflade og residualolien for at ændre på overfladens fugtpræference. For at
III

undersøge den ændrede fugtpræferences bidrag i området dækket af residualolie, er den ændrede
fugtpræference i den tynde vandfilm knyttet til mobiliteten af faser i Darcy domænet i kapitel 4.
Resultatet

viser,

at

kombinationen

af

ionabsorbering

på

bjergartens

overflade

og

ionspredningsprocessen i vandfilmen styrer igangsætning og acceleration af ekstra olieproduktion
under injektion af MSW.
I kapitel 5 beskrives indvirkningen af heterogenitet på effekten af MSW Flooding i lavpermeable
reservoirer. Analysen af gennembrudstiden i et homogent system, som beskrevet i de tidligere
kapitler, viser, at olieproduktionen i sekundær og tertiær indvindingsmode sker med en forsinkelse
forårsaget af en forsinket transport af ioner. Tydeligvis er denne effekt økonomisk ufavorabel. På
den anden side er de geologiske og petrofysiske egenskaber af oliefyldte reservoirer i høj grad
forskellige fra det homogene system. I dette kapitel undersøges størrelsen af forsinkelsen af
oliegennembruddet, forårsaget af ionadsorption, ved at bruge en kommerciel reservoir simulator
Eclipse 100. De opnåede resultater bekræfter, at når niveauet af heterogenitet stiger, vil
bivirkningerne af ionadsorption på olieproduktionen falde.

IV

Preface
This thesis has been completed at the Danish Hydrocarbon Research and Technology Centre,
Technical University of Denmark, DTU, in partial fulfilment of the requirements for the degree of
Ph.D. This work has been carried out under the supervision of senior researcher Hamid M. Nick and
co-supervision of researcher Ali A. Eftekhari and associate professor Alexander Shapiro at DTU.
This work is part of the Advanced Waterflooding programme at the DHRTC.

V

Acknowledgment
In the name of Allah the most gracious the most merciful.
I hereby, would like to express my sincere gratitude to my research supervisors, Dr Hamid Nick and
Dr Ali Akbar Eftekhari, for their guidance, encouragement and support through this project. Also, I
would like to thank my fellow colleagues, Maria Bonto and Seyedbehzad Hosseinzadehsadati for
their collaborations in publishing several scientific works together.
Furthermore, I would like to thank all wonderful people in DHRTC with whom I have had the
pleasure of working. Finally, I dedicate my work to my parents, sister, and wife whose never-ending
support always invigorate me.

VI

VII

Table of content
I
III
V
VI

Summary
Resumé
Preface
Acknowledgment
1.

Chapter 1: Introduction ........................................................................................................ 1
Rationale ............................................................................................................................ 1
Objectives .......................................................................................................................... 4
Outline of the thesis ........................................................................................................... 4

2.

Chapter 2: Estimation of calcite wettability using surface forces ..................................... 7
Introduction ........................................................................................................................ 8
Disjoining pressure and wettability.................................................................................... 9
2.2.1.

Van der Waals Force ................................................................................................ 11

2.2.2.

Hydration (structural) Force..................................................................................... 11

2.2.3.

Electric double layer Force ...................................................................................... 12

Surface complexation models for the rock-brine and brine-oil interfaces ....................... 17
Methodology .................................................................................................................... 20
Results .............................................................................................................................. 21
2.5.1.

Solution of Electric Double Layer (EDL) as a function of salt type ........................ 21

2.5.2.

Contact angle and total interaction energy calculation for unaged calcite ............... 24

Discussion ........................................................................................................................ 31
Conclusion ....................................................................................................................... 32
3.
Chapter 3: Prediction of oil breakthrough time in modified salinity water flooding in
carbonate cores............................................................................................................................... 35
Introduction ...................................................................................................................... 36
Carbonate Core flooding overview .................................................................................. 37
Methodology .................................................................................................................... 40
3.3.1.

Transport Model....................................................................................................... 40

3.3.2.

Surface Complexation Model .................................................................................. 42

3.3.3.

Optimization procedure............................................................................................ 45

3.3.4.

Selected core flooding tests...................................................................................... 46

Results and discussion ..................................................................................................... 47
3.4.1.

Ionic interactions of PDIs with the carbonate surface.............................................. 47

3.4.2.

Transport model with no ionic adsorption ............................................................... 48

3.4.3.

Transport model with ionic adsorption .................................................................... 50

3.4.4.

Wettability modification .......................................................................................... 51

3.4.5.

Overall behaviour ..................................................................................................... 52

Recommendations for further core flooding tests ............................................................ 54
I

Conclusions ...................................................................................................................... 55
4.
Chapter 4: Time-dependent wettability change in carbonate controlled by ionic
adsorption and diffusion ................................................................................................................ 57
Introduction ...................................................................................................................... 58
Problem description.......................................................................................................... 59
Methodology .................................................................................................................... 61
4.3.1.

Darcy scale ............................................................................................................... 61

4.3.2.

Thin water film ......................................................................................................... 62

4.3.3.

Coupling between 𝜴𝒇 and 𝜴: .................................................................................... 63

4.3.4.

The parameter estimation procedure for water flooding experiments ...................... 64

4.3.5.

Numerical solution ................................................................................................... 65

4.3.6.

Selected core flooding tests ...................................................................................... 67

Results .............................................................................................................................. 69
4.4.1.

Two-phase flow controlled by diffusion and adsorption in film .............................. 69

4.4.2.

Two-phase flow controlled by ion diffusion in film ................................................ 72

Discussion ........................................................................................................................ 73
4.5.1.

Impact of film length and effective diffusion coefficient ......................................... 73

4.5.2.

Wettability change as a function of film length and time scale................................ 74

Recommendations for future studies ................................................................................ 76
Conclusion........................................................................................................................ 76
5.

Chapter 5: Modified salinity water flooding in heterogeneous porous media................ 79
Introduction ...................................................................................................................... 80
Methodology .................................................................................................................... 82
5.2.1.

MSW flooding simulator .......................................................................................... 82

Model configuration for the numerical examples ............................................................ 84
Analysis strategy .............................................................................................................. 88
Results and discussion ...................................................................................................... 89
5.5.1.

Mesh sensitivity........................................................................................................ 89

5.5.2.

Model-1: MSW flooding in layered reservoirs ........................................................ 90

5.5.3.

Model-2: MSW flooding in heterogeneous media ................................................... 92

5.5.4.

Model-3: MSW flooding in quarter five-spot .......................................................... 94

5.5.5.

Model-4: MSW flooding in field-scale .................................................................... 95

Conclusion........................................................................................................................ 96
6.

Chapter 6: Conclusion ......................................................................................................... 97

7.

Appendices............................................................................................................................. 99

8.

Bibliography ........................................................................................................................ 121

9.

List of publication ................................................................................................................ 140

II

III

IV

1. Chapter 1: Introduction

1
Introduction
_____________________________________________
Rationale
Oil production from underground natural reservoirs is traditionally divided into three categories of
primary, secondary, and tertiary [1]. The primary oil recovery refers to the oil production using the
natural energy of the reservoir as the main driving force for the oil displacement. The intrinsic energy
of a reservoir is obtained through solution gas drive, gas-cap drive, natural water drive, fluid and rock
expansion, and gravity drainage. The secondary oil recovery is associated with the extra oil production
by injection of water and/or immiscible gas to augment the natural energy of a reservoir. This step is
usually performed for reservoir pressure maintenance purposes. The tertiary oil recovery that is usually
known as Enhanced Oil Recovery (EOR) generally refers to the techniques that increase the oil
production over and above that obtained through primary and secondary oil recovery [2]. The aims of
EOR methods are the supplementation of natural energy present in the reservoir for the displacement of
oil to the producing wells and facilitation of oil recovery through the interaction of injecting fluids with
the intrinsic reservoir fluids (i.e., formation water and oil) and rock surface [1]. The obtained recovery
at each step varies depending on several factors such as reservoir rock and fluid properties, reservoir
heterogeneities, reservoir management strategies and driving mechanisms [3]. Based on the estimation
of several studies, the average oil recovery for oil fields after primary and secondary stages varies
between 10 to 50% [4,5]. This means that a considerable volume of oil is trapped in the reservoirs and
EOR techniques can be applied for the extraction of the remaining hydrocarbon resources. The
application of EOR methods such as various forms of water flooding, caustic flooding, hydrocarbon
injection, carbon dioxide flooding, micellar-polymer flooding, and several thermal methods are usually
limited in the field due to economic, technical, and environmental limitations [6]. Therefore, the
application of an EOR technique that requires less capital investment and has lower environmental
footprints compared to other EOR methods could be a game-changer. Modified Salinity Water (MSW)
flooding, also known as smart water flooding [7–9], LoSal [10,11], and Advance Ion Management
water flooding [12,13] has received considerable attention as a new developing EOR method from oil
industry [14–16]. This is due to being virtually similar to conventional water flooding and serving as an
upgrade for the improvement of oil recovery and displacement efficiency under some specific conditions
[17].
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MSW is made through adjustment of salinity level and ionic composition of injecting brine [18–20].
Initially, the impacts of MSW flooding on oil recovery was noted in sandstone reservoirs in the late
1950s [21–23] and in the 1990s they were observed by Morrow's research group [24–27]. The
remarkable performance of seawater injection in the improvement of oil recovery from Ekofisk reservoir
as a mixed-wet fractured chalk reservoir resulted in significant attention towards elucidating the
underlying mechanisms of MSW flooding in carbonates [28–30]. Various experimental studies were
conducted to determine the optimum conditions and controlling parameters. Connate water saturation
and its composition [31–34], crude oil composition [35–38], rock mineral composition [39–44],
temperature and pressure [39,43,45–47], and injecting brine composition and its salinity [39–41,45–51]
are the most frequent parameters that have received considerable attention in the experimental studies.
Several review articles categorized the experimental observations and proposed mechanisms for the
application of MSW in carbonate reservoirs [52–59].
Despite the past studies of the MSW flooding, it is not yet possible to predict reliably: 1) which rockoil-brine system is responsive to the MSW flooding, 2) what level of extra oil production would be
achievable, and 3) when the additional oil can be produced. The unpredictability is due to the presence
of several complex and coupled physical and chemical interactions that may take place at different timeand length-scales.
There seems to be an agreement that the wetting tendency of carbonate rocks changes due to the
physicochemical interactions; however, the underlying process causing wettability change is still under
debates and discussions. Fig.1 shows the spectrum of the conducted studies at different scales. At each
level of study, some qualitative and quantitative information is obtained that may be able to explain the
process of extra oil production due to the application of MSW flooding. The application of MSW
flooding in the field relies somewhat on the results of core-scale laboratory tests providing the changes
in relative permeability and capillary pressure curves under different injection scenarios. Based on the
primary investigations on the application of MSW for improvement of oil recovery in carbonate rocks,
many hypothetical mechanisms have been proposed. For instance, anhydrite dissolution [60], surface
charge modification [46,61,62], double-layer expansion [63,64], calcite dissolution [65,66],
microemulsion formations [67], and viscoelasticity improvement at the oil-brine interface [68] are some
of the proposed mechanisms for carbonate rocks. However, the relevance of proposed mechanisms at
the fine-scales and their scalability to the field-scale is still under investigation.
Reducing the scale of investigations from the core to smaller scales resulted in a more detailed
understanding of the contribution of different interactions on the improvement of oil recovery by the
application of MSW flooding. These studies include various disciplines such as surface science, colloid
science, chemistry, and molecular dynamics. The application of advanced techniques for the
investigation of MSW flooding resulted in the appearance of a clear border between the concepts of
“MSW effect” and “MSW recovery”. The latter reflects the economic evaluation of MSW flooding at
the field-scale while the former refers to the various phenomena that occur at the pore- and sub-pore2
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scale due to the application of MSW flooding. Depending on the length of investigations, various aspects
of “MSW effects” can be elaborated and the possible prerequisite conditions for the occurrence of
“MSW recovery” could be distinguished. For instance, Atomic Force Microscopy (AFM) provides
information about the adhesion forces and desorption of crude oil components from the rock surface.
Scanning Electron Microscopy (SEM) can be employed to analyse the mineralogical composition of
rock surface before and after MSW flooding and Micro CT scanning (𝜇CT) can be used to monitor the
change in oil clusters (breakup and coalescence) in the porous medium. Micromodels can show the
contact angle and the curvature between the interfaces. The occurrence of “MSW effect” on the various
scales does not always result in the improvement of oil recovery. It is not still clear whether there is an
inconsistency for “MSW effect” at different length scales or the kinetics of the underlying processes are
very slow for the tests where “MSW recovery” is not observed. Also, it should be noted that the length
scale of the majority of the advanced techniques employed for the investigation of “MSW effect” is
below the representative elementary volume. This means that employed techniques may not provide a
complete picture of the underlying processes.

Figure 1.1 the scale of conducted investigations for the elucidation of underlying mechanisms during
MSW flooding
The capillary desaturation curve is a fundamental concept in petroleum engineering discipline where the
change in residual oil saturation after the implementation of EOR techniques is attributed to the capillary
number. The capillary number is defined as the ratio of the viscous to the interfacial forces at constant
wettability condition (i.e. 𝑁 = 𝜇𝑣/𝜎 , where 𝜇,𝑣, 𝜎 donate viscosity of displacing fluid, injection
velocity and interfacial tension between the displaced and displacing fluids, respectively). Numerous
studies investigated the impacts of MSW on the parameters affecting 𝑁 and no strong dependency on
the brine composition or salinity level was observed [69–73]. Instead, the wettability change is a
common suggesting mechanism responsible for the detachment of residual oil from the rock surface by
the application of MSW flooding in carbonate. The physiochemical interactions that lead to the
wettability modification of rock surface and detachment of residual oil seem to be the prerequisite
processes that can be categorized under “MSW effect”. For instance, adsorption or desorption of ions
from/to the rock surface, surface charge modification at oil-brine and rock-brine interfaces, expansion
of electric double layer and the possible formation of emulsions as a consequence of salinity reduction
have been frequently considered as the objective of many studies to find their possible relation with
wettability modification process.
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The occurrence of “MSW effect” at different length scales shows that sequences of different
mechanisms at various time scales contribute to the occurrence of “MSW recovery”. The range of time
scale for the underlying mechanisms controls the profile of fluids saturation distribution. The application
of MSW injection for core flooding tests showed that oil breakthrough occurs with a delay in the tertiary
mode [12,74,75]. This extra-required time that usually can be seen in successful homogenous core
flooding tests reflects the dominance of time-dependent controlling mechanisms. The time dependency
of the underlying interactions is observed in different length scales. For instance, in many contact angle
experiments, the angle between the oil and brine phases was changed for several hours (Ca. 40 to 100
hr) after changing the surrounding brine composition [20,76,77]. McMillan et al. [78] reported an
additional oil recovery of 7.6% in a core flooding test after two weeks cessation in the injection of MSW.
Understanding the dynamic of underlying mechanisms (for MSW flooding) and their interactions and
their manifestation at the larger scales can improve the predictive capability of the reservoir models.

Objectives
MSW contains various potential determining ions that under specific thermodynamic conditions can
interact with the rock surface and intrinsic fluids. The physiochemical interactions that take place from
the molecular level up to Darcy scale can control the wetting tendency of the rock surface and the
transportation of extra produced oil in the porous medium. The focus of this study is to combine the
geochemical interactions with the extended DLVO theory and the transport equations to explain the
impact of ionic interactions at various length and time scales. The main objectives of this study are as
follows:
1. Describe the wetting tendency of carbonate rock surface as a function of brine salinity and ionic
composition.
2. Estimate the oil breakthrough time during MSW flooding as a function of ionic interaction with
rock surface at equilibrium conditions.
3. Analyse the impact of time-dependent wettability alterations in chalk controlled by ionic
adsorption and diffusion at different scales on the breakthrough time of the extra recovered oil
4. Evaluate the impact of reservoir heterogeneity on the performance of MSW flooding.

Outline of the thesis
The rest of the thesis is structured as follows. Chapter 2 is dedicated to analysing the effect of individual
salts on the wetting tendency of carbonate rock surface through estimation of available force and energy
between the oil-brine and rock-brine interfaces. For this aim, the extended DLVO theory is employed
while the contributing intermolecular forces such as van der Waals, electric double layer (EDL) and
structural forces are included for estimation of total interaction energy and disjoining pressure. Theses
analysis are followed by the estimation of the contact angle using augmented Young’s equation for an
ideal surface. In this chapter, an in-house surface complexation model (SCM) is used for estimation of
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charge and potential at the interfaces required for the prediction of electrical double layer force using
the obtained numerical solution for Poisson-Boltzmann equation.
In Chapter 3, the behaviour of several carbonate core flooding tests during secondary and tertiary mode
water flooding are analysed. The main objective of this chapter is to show the effect of ionic interactions
with the rock surface on the onset of oil breakthrough time. For this aim, the transport of the two phases
(e.g. oil and water) in the porous medium is analysed through the employment of water fractional flow
curve combined with the reaction of ionic species with the carbonate rock surface. The ionic reactions
are considered as the wettability modifier of the rock surface and it is modelled using a tuned in-house
surface complexation model that accurately predicts the adsorption of ions on the carbonate surface. The
two-phase flow equations are solved analytically for prediction of the onset of oil production subjected
to MSW flooding. Several modified salinity water flooding experiments in carbonate cores reported in
the literature were analysed and the observed delay for the onset of oil production in secondary and
tertiary mode is predicted.
In Chapter 4, the process of rock wettability modification as a function of length and time scale subjected
to the MSW flooding is studied. The rock wetting tendency modifies when the potential determining
ions get access to the rock surface. Usually, the rock surface is covered with the residual oil that is left
after the conventional water flooding. Therefore, the potential determining ions need to diffuse into the
thin water film between the rock surface and the residual oil to change the wettability of the rock surface.
To study the contribution of wettability change in the area covered by the residual oil, a numerical model
is proposed that the advection, diffusion and reaction of ionic species and transportation of oil and water
phases are simulated in two different domains. The transportation of two phases are solved in Darcy
domain shown by (Ω) while the transportation of ionic species is simulated in the thin water film domain
shown by (Ω ). The variation of ionic concentration in Ω is considered as the wettability modifier for
Ω. Through this method, the effect of wettability change as a function of time in sub-pore scale is
correlated with the response of MSW flooding in Darcy scale. For this study, the Finite Volume Toolbox
(FVTool) [79] developed in Matlab by Eftekhari et al. is used. The interaction of ionic species with the
rock surface is simulated using an in-house surface complexation model.
In Chapter 5, the delay in oil breakthrough time for heterogeneous reservoirs is investigated by utilizing
various examples categorized as layered, and heterogeneous reservoirs, and a North Sea field sector
model. The commercial reservoir simulator Eclipse 100 is used for simulations of MSW flooding. In
this study, the adverse effect of the adsorption process on the performance of MSW flooding in various
models is assessed by the calculation of the net present volumetric value of the produced oil. Based on
this analysis, the impact of the delay on MSW flooding performance in large-scale reservoirs is gauged
by comparing the calculated cost of delay for heterogeneous systems and that of their corresponding
homogeneous porous media
5
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2
Estimation of Calcite Wettability Using Surface
Forces
_____________________________________________
The1shift in the wetting conditions during injection of modified salinity water (MSW) in carbonate
reservoirs has been interpreted in several recent works through the DLVO extended theory. This theory
relates the stability of the water film with the balance of electrostatic, van der Waals, and structural
forces between the rock-brine and brine-oil interfaces. Two simplifications are usually adopted when
applying the DLVO extended theory: (i) the electrostatic energy interaction is quantified by an
analytical solution developed for systems containing only monovalent ions and (ii) the structural forces
are independent of the type of brine. Unlike previous studies, we prioritize the brine chemistry. We
initially calculate the potential at the mineral and oil surfaces using two different surface complexation
models implemented in Phreeqc and then we quantify the electrostatic forces by solving numerically the
Poisson Boltzmann (PB) equations for non/symmetrical electrolytes. We observed that not only the
identity of the ions, but also, more importantly, the boundary conditions considered for the solution of
PB have an important effect on the electrostatic energy profile. The PB equation is solved under several
boundary conditions such as constant charge, constant potential, or the combination of them. To
estimate the structural forces for solutions containing different electrolytes we include the findings from
recently published AFM data. We then calculate the total interaction energy and estimate a microscopic
contact angle that is consistent with measured values. Our calculations show that increasing the
concentration of salts such as MgCl2, CaCl2, and MgSO4 leads to more water-wet conditions, whereas
salts like NaCl, KCl, and Na2SO4 show the opposite effect.

This chapter is based on the manuscript “ Estimation of calcite wettability using surface forces”,
submitted
1
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Introduction
The majority of the world’s oil (>60 %) is located in carbonate reservoirs [80]. However, due to the
special characteristics of carbonate rocks, the average oil recovery is low (<40 %) [81,82]. The oil
production from carbonate reservoirs is controlled by wettability, which has considerable impact on the
fluids’ (e.g. oil, brine) affinity towards the rock surface and their distribution in the porous medium
[83,84]. Many carbonate rocks (>80%) are categorized as oil-wet [85], which means that the surface of
the rock is covered by a layer of organic compounds, e.g., organic acids and bases and heavy molecules
such as asphaltenes. The shift in the wetting tendency of carbonates from oil-wet towards more waterwet, i.e., removing the deposited/adsorbed organic molecules from the surface of the rock, may result
in a more mobile hydrocarbon phase which improves the oil recovery [40,50,86]. Recently, the
application of MSW flooding as a cost-effective and environmentally friendly technique has gained
considerable attention. In MSW flooding, the chemistry of injecting brine is modified either by changing
the composition of specific ions and/or by changing the brine salinity level to disturb the equilibrium
condition between oil-rock-brine. Many studies linked the consequences of this disturbance to the shift
in the wettability of the rock surface towards a more water-wet condition [53,54,58]. During the past
decades, several experimental studies from molecular level up to pore-scale [87] were conducted to
elucidate the required conditions for the improvement of oil recovery by injecting MSW in sandstone
and carbonate reservoirs. However, a fundamental mechanistic understanding that can explain both
successful and unsuccessful experiments is not yet achieved [53,54,58,59]. Usually in experimental
studies, the composition of the synthetic sea or formation water is modified, either through variation of
salinity level or changing the concentration of some specific ions, to investigate their impact on the
wetting tendency of rock surface and possible improvement of oil recovery. The shift in the wetting
preference of the rock surface is generally attributed to the physicochemical interactions induced by the
variation of ionic composition. These interactions disturb the balance among the surface forces that leads
to the appearance of attractive or repulsive forces. The observed behaviour from the performed
experiments (e.g., contact angle (CA) measurements) is a function of many complicated interrelated
physicochemical interactions, challenging the assessment of the role of individual ions on the wetting
preference of rock surface. Studying systems with individual salts can reduce the level of complexity
and provide more information about the effect of specific electrolytes on the disturbance of surface
forces leading to the wettability modification of rock surface. Thus, in this work, we aim at inferring the
impact of single electrolytes on the calcite wettability by estimating the disjoining pressure that arises
from the contribution of electrostatic, van der Waals, and structural forces.

8

Disjoining pressure and wettability

Disjoining pressure and wettability
Figure 2.1 shows the schematic of an idealized CA test on a smooth substrate. A non-wetting phase
(e.g., oil) is placed on a substrate (e.g., calcite) while a thin layer of wetting phase (e.g., brine), usually
in the range of nanometres, coexists between the bulk of non-wetting phase and substrate. The
wettability of the shown system can be inferred by estimating the CA at the three-phase contact line.
CA is the angle of macroscopic meniscus as extrapolated to zero water film thickness [88]. The angles
between 0°-75°, 75°-120°, and 120°-180° are considered as water-wet, neutrally-wet, and oil-wet,
respectively [89].

Figure 2.1 Schematic of an oil droplet surrounded by brine. A thin water film coexists between the bulk
of oil and the calcite substrate. The ideal CA is defined based on Young’s theory, where 𝜃 is Young CA
which can be predicted by solid-water surface tension (𝜎
tension (𝜎

), film tension (𝜎 ), and oil-water interfacial

). 𝛱 denotes disjoining pressure, 𝑃 and 𝑃 denotes oil and water pressure, ℎ denotes the

thickness of water film, 𝐻

(𝑥) denotes the meniscus between oil and water. Figure is adopted from

[88].
The first thermodynamic equation that relates CA to interfacial properties was proposed by Young [90].
Young’s equation is valid only for ideal solids, i.e., the surface is homogenous, isotropic, smooth, and
inert (i.e., nonreactive with the surrounding fluids, i.e., no adsorption or dissolution, swelling or
rearrangement of phases, molecules and functional groups) [91]. Therefore, the estimated CA using
Young’s equation may deviate to some extent from the results of conducted experiments due to seldom
existence of ideal solid surfaces [92–94]. Several factors including rock mineralogy [32,34,60,95–100],
pressure and temperature [101–106], salinity [66,69,73,101,105–109], pH [110,111], oil properties (e.g.
presence of polar groups, usually reported as acid and base number) [36–38,44,47,111–114] can
influence the wettability of the rock surface and the CA between the phases. The effect of any change
in the mentioned factors on the wettability can be assessed by analysing the stability of the thin water
film between the rock surface and the bulk of the oil phase [88,115–117]. The stability of the water film
can be evaluated using the augmented Young-Laplace equation:
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𝑃 = Π + 2𝜎

(2.1)

𝐻

where, 𝑃 [Pa] and Π [Pa] denote capillary pressure (pressure difference between the wetting and the
non-wetting phases) and disjoining pressure in the water film, respectively; 𝜎

[Nm ] denotes the

interfacial tension (IFT) between wetting and non-wetting phases and 𝐻 [m ] is the mean surface
curvature of the droplet. As shown in Figure 2.1, three zones, i.e., uniform film, transition, and meniscus
zones are distinguishable. In the uniform film region, the curvature of the oil film is zero, i.e., disjoining
pressure is equal to capillary pressure. In the transition zone, the curvature can be concave or convex.
Disjoining pressure is defined as the variation of energy per unit area as a function of the distance
between the two interfaces as they approach each other [102]. In other words, disjoining pressure is the
force at the thin film area that tends to disjoin or separate the two interfaces [88]. Positive disjoining
pressure means that the two interfaces repel each other resulting in a stable water film while negative
disjoining pressure means that the two interfaces attract each other causing meta/un-stable water film
[118]. The disjoining pressure originates from intermolecular forces. Israelachvili [118] categorized the
intermolecular forces into three subgroups of electrostatic forces, e.g. the interaction between charges,
ions, permanent dipoles, etc., quantum mechanical forces, e.g., van der Waals-dispersion forces, acidbase and charge transfer interactions, and repulsive steric (hydration) forces that balances the attractive
forces at very short distances. The first two forces were theorized by Derjaguin, Landau, Verwey, and
Overbeek that is known as DLVO theory, to describe the intermolecular surface forces for electrically
charged surfaces and colloidal particles [119,120]. DLVO theory has been considered as a reliable
approximation for analysing interfacial interactions at low salt concentration and separation distance
that are larger than few nanometres [118,121]. However, it does not provide a good estimation of the
surface interaction forces at small separations. For a better estimation of disjoining pressure and
wettability, it is essential to include non-DLVO forces such as hydration, hydrophobic, and steric forces
[122–124]. In this study, the total disjoining pressure, Π (ℎ) [Pa], is considered as the summation of
structural, Π [Pa], van der Waals, Π

[Pa], and electric double-layer, Π

[Pa], forces per unit area

(see Equation (2.2)).
Π (ℎ) = Π (ℎ) + Π

(ℎ)+Π

(2.2)

(ℎ)

By estimation of the mentioned forces, the wetting tendency of carbonate rock can be predicted. Basu
and Sharma [125] showed a direct link between disjoining pressure and CA (see Equation (2.3)) by
defining the disjoining pressure as the variation in the sum of interfacial tensions of surrounding surfaces
with respect to thickness at constant temperature and chemical potential. Derjaguin and Kussakov [126]
used the augmented Young-Laplace equation for the description of the equilibrium shape of isothermal
meniscus/thin-film region.
cos 𝜃 = 1 +

1
𝜎

ℎ𝑑Π = 1 +

1
𝜎

(

𝑃 ℎ(𝑃 ) −

)

Π 𝑑ℎ

(2.3)

where ℎ(𝑃 )[m] is the film thickness at capillary pressure 𝑃 . Eq (2.3) suggests that the wettability
change of the oil-brine-rock system is caused by the modification of the oil-brine IFT, variations of
disjoining pressure across the thin film, and the change in equilibrium water film thickness. Therefore,
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through providing the required input parameters for Equation (2.3), one can estimate the possible angle
at the contact line for the ideal rock surface, oil, and brine system. We include different possible shapes
of disjoining pressure and their impact on the stability of the thin water film and CA in the Appendix.
In the next section, we discuss the method for the estimation of the various forces contributing to the
total disjoining pressure.

2.2.1.

Van der Waals Force

The van der Waals force is a universal force that exists between all molecules/surfaces and is an
important component of the surface forces in the thin film zone. The van der Waals force is attractive
and rather weak and long-range. Gregory [127] introduced an empirical correlation for van der Waals
force between two parallel plates (see Equation (2.4)).
Π

(ℎ) = −

𝐴(15.96((ℎ⁄𝜆 + 2) + 2)
12𝜋ℎ (1 + 5.32 (ℎ⁄𝜆 + 2))

(2.4)

where 𝐴[J] is the non-retarded Hamaker constant and 𝜆[m] is the characteristic length that is often equal
to 100 [nm] [115,127]. The total Hamaker constant, 𝐴, of the intervening materials can be calculated
using Equation (2.5).
𝐴=( 𝐴

2.2.2.

− 𝐴

)( 𝐴

− 𝐴

)

(2.5)

Hydration (structural) Force

The structure of liquid molecules close to an interface is different compared to the structure of molecules
in the bulk [124]. At a very short distance (less than 2 [nm] [128]) the water molecules are ordered in
layers. When the two interfaces approach each other, these layers are squeezed out, resulting in the
appearance of hydration forces. These forces are short-range repulsive forces and decay exponentially
as the film water thickness increases [129]. Hydration forces depend on both chemical and physical
properties of the surface (e.g. wettability, crystal structure, surface morphology and rigidity) [124] and
properties of intervening medium (e.g., electrolyte concentration, ionic composition, the dielectric
properties and polarization of the interface, ion exclusion effect, ionic dispersion interaction, etc.)
[118,121,130,131]. The hydration force can be approximated using Equation (2.6).
Π (ℎ) = 𝑘𝑒

/

(2.6)

where, 𝑘[Pa] > 0 refers to the coefficient of hydrophilic repulsion force and 𝑘[Pa] < 0 relates to
hydrophobic attraction forces, ℎ [m] and ℎ[m] denote decay length and film thickness, respectively. In
many studies, the parameters governing the hydration force are kept constant irrespective of the brine
composition [88,115,117,132]; this observation implies that the effect of brine chemistry on hydration
force is not well understood. Very few studies focused on the impact of brine chemistry on the hydration
force in carbonate rocks. Guo et al. [128] studied the effect of single- and multiple-component
electrolyte solutions on short-range hydration force of Iceland Spar calcite surface using Atomic Force
Microscopy (AFM). The data obtained from Force-distance Spectroscopy (FDS) for a single salt
solution (NaCl or Na2SO4) showed that the decay length (ℎ ) is monotonically decreasing as the
concentration of Na+, SO42-, and Cl- increases [128]. Thus, as the Na+, SO42-, and Cl- solution
concentration increases, the water film becomes thinner and eventually ruptures; the rupture of the water
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film leads to mixed-wet or oil-wet conditions [84]. On the other hand, increasing Mg2+ concentration
resulted in a greater repulsive force implying the existence of a more stable water film, i.e., water-wet
conditions. [128]. Contrary to single component brine, non-monotonic behaviour for hydration force in
multicomponent brine and its dilutions (i.e, formation water, seawater) was observed [128].

2.2.3.

Electric double layer Force

Israelachvili [118] described three common ways through which a surface can become charged in
presence of a liquid, namely, ionization or dissociation of surface groups, adsorption or binding of ions
from solution to the surface (ion exchange), and charge exchange mechanism because of the close
proximity between two dissimilar surfaces. The first two ways occur when isolated surfaces are exposed
to a liquid medium, while in the latter case the two surfaces get charged as a consequence of being
adjacent to each other. In the presence of water, the calcite and oil surfaces acquire an electrical charge
through ionization/dissociation of surface groups and adsorption of ions from solution. Figure 2.2 shows
the schematic of potential profile between two planar plates representing oil-brine and rock-brine
interfaces located at the dimensionless distance 𝜉 = 0 and 𝜉 = 𝜅ℎ. Where, 𝜅 [m ] is the reciprocal of
Debye length and ℎ [m] is the distance between the two interfaces. Depending on the charge at the
interfaces (i.e., positive or negative), a repulsive or attractive force may appear as the interfaces approach
each other.

Figure 2.2. Schematics of the potential profile between two planar plates having the dimensionless
potential of 𝑦 and 𝑦 and dimensionless charges of 𝑠 and 𝑠 for first and second plates, respectively.
The space between the plates is filled with an electrolyte solution.
The distribution of electric potential in presence of an electrolyte solution between two surfaces is
typically estimated through the Poisson-Boltzmann (PB) equation [133]. Equation (2.7) is the general
PB equation for describing the potential profile between two planar plates across electrolytes [134,135].
The PB equation can be employed to analyse the behaviour of electric double layer force between
dissimilar interfaces across symmetric and unsymmetrical electrolytes.
𝑑 𝜓(𝑥)
4𝜋𝑒
=−
𝑑𝑥
𝜀𝜀

𝑛 𝜈 𝑒𝑥𝑝(−
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𝑒𝜈𝜓(𝑥)
)
𝑘 𝑇

(2.7)
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Here, 𝑥 [m] is the position between the plates; 𝑒 [C] is the electron charge; 𝜀 [-] and
𝜀 [8.854 × 10

C ∙J

∙m

] are the relative permittivity of the solution and the permittivity of

free space; 𝑛 [mol ∙ m ] and 𝜈 [-] are the bulk ion number density and valence for species 𝑖; 𝜓(𝑥)
[V] is the mean electrostatic potential; 𝑘 [1.3806 × 10

J. K

] is the Boltzmann constant, and 𝑇 [K]

is temperature. The PB equation is a combination of Boltzmann factor, which is proportional to the
concentration of charged species at any point between the interfaces and Poisson equation that electrical
potential is proportional to the net access charge density at point 𝑥 [118]. The Poisson equation is exact;
however, due to the charge density fluctuations, the Boltzmann equation is only true for the average
over all possible configurations of the charges [136]. The applicability of the PB equations is, however,
restricted at high ionic strength (> 1 [M]) since it does not consider any ion-ion interactions [137].
The dimensionless form of Equation (2.7) can be obtained by scaling the mean electrostatic potential
with thermal potential, i.e. 𝑦 = 𝑒𝑣𝜓⁄(𝑘 𝑇) and defining scaled variable 𝜉 = 𝜅𝑥, where 𝜅 [m
reciprocal of Debye length equal to (𝑛𝜈 𝑒 ⁄(𝜖𝑘 𝑇))

/

] is the

. Also, the mean bulk ion number density and

ion fraction are defined as 𝑛 = ∑ 𝑛 𝜈 and 𝛽 = 𝑛 ⁄ 𝑛, respectively. Substituting the scaled variables
into Equation (2.7), the dimensionless form of potential profile across any electrolyte is obtained and
shown in Equation (2.8).
𝑑 𝑦(𝜉)
=−
𝑑𝜉

𝛽 𝜈 exp −𝜈 𝑦(𝜉)

(2.8)

Several studies focused on providing analytical and numerical solutions for the PB equation
[118,133,134,138–140]. McCormack et al. [134] provided the exact analytical solution of Equation (2.8)
for monovalent salts. However, their analytical solution cannot be employed for salts with higher
valencies. For general electrolyte solutions, the PB equation needs to be solved numerically for the
estimation of electric double layer force per unit area, shown by Equation (2.9) [134]:
Π

(ℎ) = 𝑛𝑘 𝑇

𝛽 𝑒𝑥𝑝 −𝜐 𝑦(𝜉) − 1 −

1 𝑑𝑦
2 𝑑𝜉

(2.9)

where 𝑆 = 𝑑𝑦/𝑑𝜉 is the first integration of PB equation that is equal to the amount of dimensionless
charge denoted by variable S at any location between the two interfaces. In the next section, the
numerical solution for Equation (2.9) is discussed.

2.2.3.1.

Numerical solution of Electric double layer Force

The solution of Equation (2.9) needs two boundary conditions, which can be specified by a combination
the values of charge or potential on the first and second plates (i.e. 𝑦(𝜉) or 𝑆 = 𝑑𝑦/𝑑𝜉 at 𝜉 = 0 and
𝜉 = 𝜉 ) as a function of distance. Equation (2.8) remains unchanged if the signs of the potentials/charges
on both plates and all ion valences switch from positive to negative, or vice versa. Therefore, without
loss of generality, it is assumed that the potential at the first interface is always positive and higher than
the absolute value of the potential at the second interface, i.e., 𝑦 ≥ |𝑦 | > 0 [134,138,139], where 𝑦
and 𝑦 are the values of dimensionless potential when the interfaces are located at a distance ℎ. First,
we integrate Equation (2.8) to reduce the order of the differential equation. This operation gives the first
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derivative (slope) of electric potential as a function of distance as shown in Equation (2.10). The
constant of integral, 𝐶, can be determined by using the boundary condition on the second plate.
𝑆 =

𝑑𝑦
𝑑𝜉

=2

𝛽 𝜈 exp(−𝜈 𝑦(𝜉)) + 𝐶

(2.10)

At infinite separation of the plates, i.e. 𝜉 → ∞, the value of both 𝑦 and 𝑑𝑦/𝑑𝜉 converge to zero (not on
the second plate but somewhere between the plates), which means that 𝐶 → −2 ∑ 𝛽 𝜈 . At this limit, the
charge of the plate is correlated with the potential of an isolated surface, 𝑦 . Replacing the value of 𝐶
at infinite distance in Equation (2.10), the value of charge as a function of potential for an isolated
surface is obtained as:
𝑆 = 𝑠𝑔𝑛(𝑦 ) 2

𝛽 exp(−𝜈 𝑦 ) − 1

(2.11)

By substituting Equation (2.10) into Equation (2.9), the dependency of the electric double layer force to
the sign and magnitude of integration constant, 𝐶, is inferred (see Equation (2.12)).
𝑃

where, 𝑃

=

Π (ℎ)
1
= − (𝐶 + 2
𝑛𝑘 𝑇
2

[-] is the dimensionless form of Π

𝛽)

(2.12)

(ℎ). Depending on the value of C, the right side of

Equation (2.12) can be positive, zero, or negative, indicating repulsive, zero, or attractive forces between
the plates, respectively. For 𝐶 > −2 ∑ 𝛽 𝜈 , there will be an attractive force between the plates, meaning
Π

(ℎ) < 0. For 𝐶 < −2 ∑ 𝛽 𝜈 , there will be a repulsive force between the plates, meaning

Π

(ℎ) > 0. The value of C is determined by the boundary condition on the second plate; however,

one way of obtaining C numerically is to choose different values of 𝐶 and solve ODE of Equation
(2.10) numerically (with the value of charge or potential on the first plate at 𝜉 = 0 as the boundary
condition) until the specified value of charge or potential on the second plate for a known separation
distance is obtained.
Four situations for the boundary conditions are considered: (I) both plates are moved together at constant
potential (PP) irrespective of plates separation distance. This means that as the two plates approach each
other, the potential remains unchanged but the charge of the plates are changed. (II) Both plates are
moved together at constant charge (CC) and the potentials will vary as the plates move. (III) The first
plate is kept at constant charge while the second plate is kept at constant potential (CP). (IV) The first
plate is kept at constant potential while the second plate is kept at constant charge (PC).
For all types of boundary conditions, the ordinary differential equation (ODE) solver (nonstiff
differential equation ODE113) is used for Equation (2.10). We calculate the profile of potential or charge
distribution from the first plate as a function of distance using Equation (2.8) and Equation (2.10) until
the calculated parameters reach a point where the specified boundary condition at the second plate is
satisfied. Figure 2.3 shows an example where the profile of potential and charge are calculated based on
PP boundary condition for similar surfaces across a symmetric salt 1:1. We assumed that between the
two interfaces there is a 0.1 [mol/m ] symmetric electrolyte (1:1) solution. Also, it is assumed that the
14
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zeta potential at both plates is 51.38 [mV], i.e. a dimensionless potential of 2. The value of the potential
at the first and second plates serve as the two boundary condition for solving Equation (2.8) with the
numerical method described above. Figure 2.3a and 2.3b show the profile of dimensionless potential
and charge between the two parallel plates at various distances. The circle marker in Figure 2.3b show
the dimensionless charge value of the second surface when 𝑦 = 2. Figure 3c shows the profile of
electric double layer force per unit area and interaction energy. For this special case, as the two interfaces
approach each other, the force and energy increases towards positive values meaning the plates repel
each other stronger at shorter distances. Figure 2.3d shows the profile of charge variation on the first
and second surface. It shows that as the plates approach each other the electric potential fields start
interacting only when the distance is less than 200 nm. For distances less than 80 nm, these interactions
sharply increase the EDL force contribution to the disjoining pressure. More examples for other systems,
e.g., dissimilar interfaces in contact with asymmetric salts are shown in the supplementary material.

(a)

(b)

(c)

(d)

Figure 2.3 Calculation of (a) potential profile, (b) charge profile, (c) electric double layer force per unit
area and interaction energy , and (d) variation of charge at first and second plate as a function of distance
for plates with the same potential across 1:1 symmetric aqueous electrolyte solution. PP boundary
condition is employed for the calculations. The zeta potential for both surfaces are 51.38 [mV] that is
equivalent to 𝑦 = 𝑦 = 2 , 𝑛

= 0.1 [mol/m ], T=298 [k°]. The black arrow shows the direction of

second surface movement towards the first plate.
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In Figure 2.4, the analytical solution of PB equation obtained using the method suggested by
McCormack et al. [134] is compared with the results of numerical solution, for 1:1 electrolyte and
dissimilar surfaces (i.e., the two plates have different polarity and potential magnitude). Figure 2.4a and
2.4b show the results for surfaces with same polarity, whereas Figure 2.4c and 2.4d correspond to
calculations for interfaces with opposite potential polarity). Our results matches the analytical solution
for PP, CC, CP, and PC, which validates our numerical model. It should be noted that the analytical
mode proposed by McCormack et al. [134] is only valid for 1:1 salt. For salts with higher valence,
numerical procedure needs to be employed for estimation of electric double layer force and interaction
energy between the two interfaces. The dimensional interaction energy, 𝑊
dimensionless form of interaction energy, 𝑤

[J/m ], and

[-], due to the electric double layer is calculated using

Equation (2.13) and Equation (2.14), respectively.

(a)

(b)

(c)

(d)

Figure 2.4 Comparison between the analytical (coloured circles) [134] and numerical (solid black line)
calculation of dimensionless force and interaction free energy per unit area between two plates with
reduced surface potential at infinite separation: (a, b) 𝑦
1 (𝜓

= 25.689 [mv]), and (c,d) 𝑦

= 2, 𝑦

= −1 (𝜓

= 2 (𝜓

= 51.378 [mv]), 𝑦

=

= −25.689 [mv]) as a function of the

separation, 𝜅𝑑. Labels: PP, both plates at constant potential; CC, both plates at a constant charge; PC,
the plate at 𝜉 = 0 is at a constant potential (𝑦 = 𝑦

) and the plate at 𝜉 = 𝜅𝑑 is at a constant charge;

CP, the plate at 𝜉 = 0 is at a constant charge and the plate at 𝜉 = 𝜅𝑑 is at a constant potential
(𝑦 = 𝑦

).
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𝑊

(ℎ) = −

Π

(ℎ)𝑑ℎ

(2.13)

𝑤

(𝜉) = −

𝑃

(𝜉)𝑑𝜉

(2.14)

Based on the described numerical procedure, the profile of electric double layer force or interaction
energy is dependent on the value of potential or charge that are considered for the first and second plates.
In the next section, the method for the estimation of their values based on the thermodynamic conditions
of the oil-brine-rock system is described.

Surface complexation models for the rock-brine and brine-oil interfaces
The contribution of the electrostatic forces to the total disjoining pressure depends on the surface
potential at the calcite-brine and brine-oil interfaces. For practical purposes, the surface potential, 𝜓, is
assumed to be the same as the zeta potential (𝜁) [141], which is determined experimentally through
electrokinetic measurements [142]. 𝜁 is a fundamental concept in colloid science and petroleum
research, governing the stability of emulsions, colloidal systems, and thin wetting films [143]. The
electrokinetic potential also provides indirect information on the adsorption on surfaces [144] and is
usually used in the calibration of different adsorption models [145,146]. Several mathematical
frameworks proposed for reservoir simulation [147–149] or reactive transport [150] include surface
complexation models (SCMs) for describing the ionic adsorption on minerals. The use of SCMs are
often favoured because apart from determining the speciation at the rock and oil surfaces, they also
estimate the zeta potential, which can be used for the calculation of the disjoining pressure and
microscopic CA. In these adsorption models, the surface is characterized by defining the number of sites
that are available to interact through complexation reactions with the aqueous electrolytes. These
interactions result in different surface species. Several SCMs have been proposed to describe the
adsorption at different mineral-water interfaces, i.e., Constant Capacitance (CC), Diffuse Layer (DL),
Triple Layer (TL) and Charge Distribution MultiSite Complexation (CD-MUSIC) models. Their
implementation has been described thoroughly in [151,152]. These models differ mainly in the
electrostatic description of the interface. In the context of the MSW flooding for carbonates, the calcitewater interface has mostly been depicted using a DL [106,146,153–155], whereas a few studies
[148,156,157] included the CD-MUSIC model that was applied to calcite by Wolthers et al. [158]. The
CD-MUSIC model is similar to a TL model and considers three different electrostatic planes of
adsorption. In the surface plane (0-plane) the de/protonation of the surface sites occurs; the inner-sphere
complexes are placed in the inner Helmholtz plane (IHP or 1-plane) and the outer-sphere complexes are
located in the Outer Helmholtz plane (OHP or 2-plane). We assume that the OHP represents the onset
of the diffuse layer and that the zeta potential coincides with the potential at this plane. In this model,
the placement of fractional charges is also allowed. Thus, the surface charge can be neutralized by
placing a fraction of the inner sphere complexes in the 0-plane and the remaining in the 1-plane.
Wolthers et al. tested the model for different carbonate minerals. In their formulation, they include
de/protonation and reactions of the surface sites with the calcite lattice ions (Ca2+ and CO32-). They also
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consider different types of surface sites because the coordination of the calcium and carbonate is
different depending on whether the surface sites are located at a step, edge, or within the face. We
implement this model with the updates proposed by Sø et al. [159]. We consider only the faces sites
since these are the most numerous and we replace the capacitance values from Wolthers et al
(C1=C2=100 F/m2) by those proposed by Sø et al (1.3 and 4.5 F/m2). Wolthers’ model does not include
reactions with divalent ions like Mg2+ and SO42- typically present in seawater. Thus, analogous to Van
Cappellen et al. [160], we define surface reactions analogous to those occurring within the solution and
we use the equilibrium constants proposed for solution complexation from LLNL (Lawrence Livermore
National Laboratory) database for PHREEQC [161]. For the adsorption of Mg2+ and SO4 2- we distribute
the charge analogous to Ca2+ and CO32-, respectively. Given the high ionic strength of some of the
solutions, we used Pitzer database to model the data [162]. For calculating the zeta potential at the
calcite-brine interface, we considered the specific surface area reported for chalk, i.e., 2 m2/g [48], if not
otherwise mentioned. For obtaining the zeta potentials at higher temperatures, we assume van’t Hoff
equation to relate the equilibrium constants with the temperature. The enthalpies of the surface reactions
are taken from the values reviewed by Eftekhari et al. [154].
Analogous to the calcite-brine interface, the oil surface is also charged in the presence of water. Several
SCMs were proposed for this interface [153,154,163]. In this work, we used the model proposed by
Bonto et al. [164] where two types of adsorption sites, carboxylic and amine groups, are considered at
the oil surface. The adsorption sites at the oil surface are linearly dependent on the oil total acid and base
number (TAN and TBN). Weak adsorption sites were defined to account for the surface charge that nonpolar oils (or oils with no polar components) also show [165]. The specific surface of the oil was
calculated from the density of the oil and the size of the oil drops assuming spherical oil particles.
The surface reactions defined for the calcite-brine and oil-brine interfaces are gathered in Table 2.1.
Although Wolthers et al. [166] showed the predictive capabilities of the model for the existing
experimental data at the time the paper was published, those measurements were mostly performed in
monovalent electrolyte systems up to 0.1 M ionic strength. In Figure 2.5, we show the prediction of the
model for experimental data obtained at different brine compositions and conditions. The performance
of the model for the oil-brine interface was thoroughly assessed in the original paper [164].
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Table 2.1. Basic parameters of the CD-MUSIC and DL models used to estimate the zeta potential at the
calcite-brine and brine-oil interface, respectively.
Surface reactions

log(k)

ΔH

∆𝑧

∆𝑧

[kJ/mol]

.

≡ 𝐶𝑎𝑂𝐻

.

4.95 #/nm2

≡ 𝐶𝑎𝑂𝐻
≡ 𝐶𝑎𝑂𝐻

.

.

≡ 𝐶𝑎𝑂𝐻

+ 𝐶𝑂

+ 𝐶𝑂
.
.
.

≡ 𝐶𝑂 𝐻
Carbonate sites
4.95 #/nm2

≡ 𝐶𝑂 𝐻
≡ 𝐶𝑂 𝐻
≡ 𝐶𝑂 𝐻

.

.

.

↔≡ 𝐶𝑎𝑆𝑂

.

.

Carboxylic
sites

Weak sites

-24.73

-

-1

0

+ 𝑂𝐻

1.55

14.91

0.6

-1.6

.

10.15

13.51

0.6

-0.6

0.35

14.44

0.6

-1.6

-9.98

-

1

-1

-2.8

15.67

-1

2

-3.58

8.70

-1

0

-2.2

17.41

-1

2

-12.27

-

-1

1

+ 𝑂𝐻

+𝐻

+𝐻
.

↔≡ 𝐶𝑂 𝑀𝑔

+ 𝑁𝑎 ↔≡ 𝐶𝑂 𝑁𝑎
Oil-brine

Amine sites

0

+ 𝑂𝐻

↔≡ 𝐶𝑂 𝐶𝑎
↔≡ 𝐶𝑂

1

+ 𝑂𝐻

.

+ 𝐶𝑙 ↔≡ 𝐶𝑎𝐶𝑙

+ 𝑀𝑔
.

.

+ 𝐻 ↔≡ 𝐶𝑎𝐻𝐶𝑂

+ 𝐶𝑎

-82.71

+𝐻

↔≡ 𝐶𝑎𝐶𝑂

+ 𝑆𝑂

≡ 𝐶𝑎𝑂𝐻

.

↔≡ 𝐶𝑎𝑂

.

C2=4.5

12.85

.

+ 𝐻 ↔≡ 𝐶𝑎𝑂𝐻

≡ 𝐶𝑎𝑂𝐻
Calcium sites

CD-MUSIC C1=1.3

F/m2

+𝐻
+𝐻

DLM

≡ 𝑁𝐻 + 𝐻 ↔≡ 𝑁𝐻

5.5

30

≡ 𝐶𝑂𝑂𝐻 ↔≡ 𝐶𝑂𝑂 + 𝐻

-4.75

0.0

≡ 𝐶𝑂𝑂𝐻 + 𝑁𝑎 ↔≡ 𝐶𝑂𝑂 − 𝑁𝑎 + 𝐻

-4.86

-0.03

≡ 𝐶𝑂𝑂𝐻 + 𝐶𝑎

↔≡ 𝐶𝑂𝑂 − 𝐶𝑎 + 𝐻

-3.82

1.17

≡ 𝐶𝑂𝑂𝐻 + 𝑀𝑔

↔≡ 𝐶𝑂𝑂 − 𝑀𝑔 + 𝐻

-3.47

-8.42

≡ 𝑤𝑂𝐻 ↔≡ 𝑤𝑂 + 𝐻

-8.93

-

≡ 𝑤𝑂𝐻 + 𝑁𝑎 ↔≡ 𝑤𝑂 − 𝑁𝑎 + 𝐻

-8.93

-

≡ 𝑤𝑂𝐻 + 𝐶𝑎

↔≡ 𝑤𝑂 − 𝐶𝑎 + 𝐻

-5.85

-

≡ 𝑤𝑂𝐻 + 𝑀𝑔

↔≡ 𝑤𝑂 − 𝑀𝑔 + 𝐻

-5.85

-
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Figure 2.5 Data from: (a) Zhang et al [41,46] - Zeta potential from electrophoretic mobility
measurements of chalk particles vs Mg2+and SO42- concentration. The background electrolyte
concentration is 0.573 [M] NaCl. The Mg2+and SO42- concentration were varied by adding MgCl2 and
Na2SO4. The pH was fixed by HCl/NaOH titrations to 8.4; (b) Experimental data from Zhang et al [46]:
Zeta potential from electrophoretic mobility vs Ca2+ concentration. The Ca2+ concentration was varied
by adding CaCl2 to 0.573 [M] NaCl background electrolyte concentration and the pH was fixed to 8.4
by HCl/NaOH titrations; (c) experimental data from Cicerone et al. [167] - electrophoresis
measurements (EPM) on ground calcite at 25℃ in equilibrium with solutions with a constant ionic
strength of 0.03 [M] reached by adding KCl to CaCl2 solution; (d), (c) zeta potential from electrophoretic
mobility measurements of calcite in 0.01 NaCl from Pierre et al. [49].

Methodology
Figure 2.6 shows the procedure for the calculation of CA through the estimation of the disjoining
pressure and interaction energy. Initially, the potential at the oil-brine and the rock-brine interfaces are
estimated. The required input data for SCM are the ionic composition of brine, temperature, pressure,
crude oil properties, and pH. Then, the electric double layer force and interaction energy per unit area
for individual salts as a function of the distance between the two plates are determined. In doing so, the
PB equation under PP, CC, PC, and CP assumption is solved numerically and we also calculate the van
der Waals and structural forces for the same conditions. The summation of all forces at each distance is
equal to the disjoining pressure. The total interaction energy is determined through integration of the
disjoining pressure with respect to the distance between the two interfaces. Finally, we determine the
CA as a qualitative estimation of rock wettability and we compare the obtained values with experimental
data.
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Figure 2.6 schematic of the calculation procedure for total disjoining pressure and interaction energy.
SCM: surface complexation model

Results
The results are presented in several sections. First, we use a conceptual model with the same boundary
condition to investigate the effect of different salt types on the disjoining pressure and interaction energy.
Then we utilize our tuned surface complexation model to calculate the surface charge and potential at
the oil-brine and calcite-brine interfaces and repeat the same procedure this time comparing the results
of the model with the reported measured CAs.

2.5.1.

Solution of Electric Double Layer (EDL) as a function of salt type

Using the numerical method described in section 2.3, the profile of EDL pressure and energy are
determined for different types of boundary conditions at the two interfaces and across several salt types.
Unless otherwise specified, we employed the surface zeta potential at infinity for the first and second
interfaces equal to 𝜓
10

= 20 and 𝜓

= ±10 [mV], respectively. The salt concentration is equal to

[M], the temperature is 23 ℃, and the relative permittivity is 𝜀 = 78.5. PB equation is solved for

various un/symmetrical electrolyte systems (i.e., 1: 1, 1: 2, 2: 1, 2: 2) under sets of boundary conditions
and the obtained results are shown in the supplementary material.
Figure 2.7 shows the profile of EDL force and interaction energy between the two planar interfaces with
potentials of same (Figure 2.7a, 2.7b) and opposite (Figure 2.7c and 2.7d) polarity calculated based on
PP, CC, PC and CP assumptions for various salt types. For PC assumption, the first plate has constant
potential at the reference point, 𝑥 = 0, and the second plate has constant charge at 𝑥 = ℎ.While for CP
assumption, the first plate has constant charge at the reference point, 𝑥 = 0, and the second plate has
constant potential at 𝑥 = ℎ. In Figure 2.7, for the considered values of potential at the two interfaces,
the PP and CC assumptions represent, respectively, the lower and upper bounds for the calculated force
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and energy of different brine types. At large distances (e.g., more than 20 [nm]), the profile of CP
assumption shows a similar behaviour to the profile of PP solution while the PC solution demonstrate a
similar behaviour to the solution of CC assumption (see the subplots of Figure 2.7). This means that the
response of mixed boundary condition is considerably controlled by the magnitude of the surface that
has the lower surface potential. However, as the two surfaces approach each other, the trend of the
profile for CP or PC cases deviate from PP or CC solution, respectively. This deviation is due to the
stronger influence of the surface with the higher potential on the potential of the surface with lower
potential at shorter distances. Figure 2.7 also shows the influence of brine type on the profile of EDL
force and energy. Here, the impact of salt type on the behaviour of the EDL force and energy for PP
assumption is discussed. For the rest of the boundary conditions, the readers are referred to the
supplementary section where the profile of force and energy are shown separately based on the
considered boundary condition and the polarity of the planner plates.
The obtained results for PP boundary condition in similar potential polarity show that at large distances,
the force is zero and as the distance is reduced, the strength of repulsive force increases until it reaches
a maximum. At closer distances, the electrostatic force becomes attractive. An interesting observation
from these calculations is that as the valencies of the positive ions (i.e., the ions with positive valences,
e.g. +1, +2, etc.) or negative ions (i.e., the ions with negative valences, e.g. -1, -2, etc.) increase, the
maximum repulsive force between the plates increases. For instance, 1:2 (e.g., MgCl 2) or 2:1 (e.g.,
Na2SO4) salt has a stronger electric repulsive force compared to 1:1 salt (e.g., NaCl). For the opposite
potential polarity (Figure 2.7c) in PP assumption, the EDL element of disjoining pressure between the
plates for all considered salt types is negative, i.e., attractive EDL forces between the plates. Salts with
higher positive ions and negative ions valencies result in weaker attractive force compared to lower
valencies. The positive ions play a major role in the strength of pressure between the plates. For instance,
2:1 and 2:2 salts show almost similar profile both in similar and opposite polarity; however, the pressure
profile for 1:2 is considerably higher than the pressure profile of 1:1 salt. Zhang et al. [140] observed a
similar response in their calculation for the same potential polarity for both interfaces calculated based
on PP assumption. They concluded that positive ions play a more significant role than negative ions in
determining the electric double layer potential and interaction energy in an electrolyte solution,
especially for the system with high positive ion valencies and/or high surface potential.
Figure 2.8 shows the profile of total and individual components of disjoining pressure and interaction
energy for two surfaces with similar potentials while an asymmetric 1:2 electrolyte aqueous solution
(e.g., CaCl2)) is present between the interfaces. The contribution of the electrostatic force to the
disjoining pressure is calculated based on PP assumption. The obtained results show that for the
specified condition (shown in the caption of Figure 2.8), the repulsive force between the plates becomes
stronger as the two plates approach each other.
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(a)

(b)

(c)

(d)

Figure 2.7 Variation of EDL force and interaction energy per unit area for brine type of 1:1, 1:2, 2:1,
and 2:2 calculated based on PP, CC, PC and CP assumptions. Potentials are 20 and 10 [mV] in (a, b)
and 20 and -10 [mV] in (c, d) for the first and second plates, respectively. The concentration of
electrolyte solution is 10-4 [M].

(a)

(b)

Figure 2.8 Contribution of the individual forces to the (a) disjoining pressure and (b) interaction energy
calculated based on PP assumption for 1:2 salt. T=23℃, ψ
concentration= 10

[M], A = 1 × 10

=ψ

= −51.378 [mV], salt

[J], k = 1.5 × 10 [Pa], h = 0.05 [nm]

23

Chapter 2: Estimation of Calcite Wettability Using Surface Forces

We also compare our numerical solution to the analytical solution for PB equation (Equation (2.15)) for
1:1 salt based on PP assumption that is widely used for estimation of electrical double-layer force across
an electrolyte solution even for more complicated brines e.g., seawater [102,132,168–171]. To test the
validity of Equation (2.15) for a general electrolyte we calculate the EDL contribution to the disjoining
pressure per unit area using the aforementioned equation and compare it to the proposed numerical
model under PP assumption (see Figure 2.9). The value of the potential at the interfaces and all initial
input parameters are kept constant for both analytical and numerical solution. The analytical and
numerical solution for 1:1 salt overlay. At short distances, both numerical and analytical solution result
in a pressure profile that behaves similarly. However, at longer distances, the impact of ion valence
becomes more significant and the profile of pressure deviates from the analytical solution. Considering
that, usually, wettability change in the oil-brine-rock system occurs at short distance between the two
interfaces, the influence of divalent ions seems to be less important.
Π(ℎ)

:

= 𝑛𝑘 𝑇

2𝜓 𝜓 cosh(𝜅ℎ) − 𝜓 −𝜓
sinh (𝜅ℎ)

(2.15)

Figure 2.9 Comparison between the extent of EDL pressure and energy obtained from Equation (2.9)
and (2.14). The electrolyte composition is as follow𝑠. 𝑁𝑎𝐶𝑙 = 0.42 [mol/m ], 𝐾𝐶𝑙 = 0.01 [mol/m ],
𝑀𝑔𝐶𝑙 = 0.055 [mol/m ], 𝐶𝑎𝐶𝑙 = 0.011 [mol/m ], 𝑁𝑎 𝑆𝑂 = 0.029 [mol/m ] , 𝑇 = 298[k].

2.5.2.

Contact angle and total interaction energy calculation for unaged calcite

In this section, we apply the discussed formulation of the extended DLVO theory to investigate the
impact of salinity reduction and modification of brine composition on the CA of crude oils on carbonate
rocks and compare the results with the experimental data. Many CA measurements were performed on
aged carbonate rocks, i.e., rock samples that are soaked in crude oil [172–175]. During the aging period,
the characteristic properties of the rock surface vary due to the adsorption of the polar component on the
rock surface [111,176–178]. Estimation of CA using extended DLVO theory requires the presence of a
thin layer of water between the oil and the rock. During the aging period, the polar components of oil
can be deposited on the rock surface that affects the uniformity of the water film, sometimes breaking
the film altogether in oil-wet surfaces that are covered with organic components. In this case, the CA of
the oil-wet carbonate rock cannot be estimated using DLVO theory. In contrast, the CA measurement
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on unaged surfaces that are unaffected or only mildly affected by the adsorption of oleic polar
component is suitable for our analysis. Also, several studies ignored the effect of IFT changes as a
function of brine composition and its impact on the calculation of CA using extended DLVO theory
[170,179]. We included the effect of IFT variation into our calculation by selecting the experimental
tests that reported IFT changes. We therefore choose the experimental work of Lashkarbolooki et al.
[180] where the variation of IFT and CA in brines of individual salt concentration were reported. We
compare our calculations with their experimental CA measurements.
Lashkarbolooki et al. [180] performed CA measurement on unaged carbonate samples in contact with
several individual electrolyte solutions and acidic and asphaltenic crude oil. The rock samples were
provided from an Iranian reservoir and X-Ray Diffractometer (XRD) analysis of the rock showed that
the rock samples were CaCO3 (they did not report the trace concentration of other minerals in their
sample). A complete analysis of the crude oil was performed and Total Acid Number (TAN) of the
crude oil was reported around 1.5 [mg KOH.g-1]. They studied the impact of different salt concentrations
(1000, 5000, 15000, 30000 and 45000 ppm) including NaCl, KCl, Na2SO4, MgSO4, CaSO4, CaCl2, and
MgCl2 on the CA of oil droplets on the carbonate rock. We estimate the surface potential at oil-brine
and rock-brine interfaces in presence of mono and divalent ions using the SCMs presented in the
previous section. Using the value of zeta potential as a function of salinity and assuming that the
interfaces interact as two parallel plates, we calculate the potential profile between the two plates. Then,
we determine the van der Waals and structural forces as a function of distance between the two plates.
Finally, we calculate the total disjoining pressure and CA for each brine salinity. We present the results
in separate subsections based on the type of salt, i.e., 1:1, 2:1, 1:2 and 2:2.
1:1 salts: NaCl and KCl
Figure 2.10 shows the variation of zeta potential for oil-brine (NaCl and KCl solution) and rock-brine
interfaces obtained from our tuned SCM. The obtained results show that both interfaces are negatively
charged, however, as the concentration of NaCl or KCl increases, the potential moves to zero. Due to
the similarity of KCl to NaCl in respect to physicochemical behaviour and ionic size, we use the same
decay length of 1.5 × 10 [𝑚] [88] for the calculation of structural forces for both salts [181]. The
Hamaker constant values for oil, brine, calcite are equal to 1.01 × 10
10

[J], 3.7 × 10

[J], and 6.0 ×

[J], respectively [170,182,183]. The total non-retarded Hamaker constant is calculated based on

Equation (2.5) and is equal to 0.66 × 10

[J]. Figure 2.11 shows the results for the estimation of CA

and total interaction energy for electrolyte solution containing individual salts of NaCl and KCl. The
calculation of EDL force and energy using CP assumption (the constant charge at the oil-brine interface
and constant potential at the rock-brine interface) gives a closer estimation of the measured CA
compared to PP, PC, and CC assumptions. All the scenarios that we considered (except for CC) for
quantifying the electrostatic forces estimated that as the salinity of NaCl and KCl increases, the surface
becomes less water-wet, which is in line with other experimental studies [48]. CC assumption cannot
estimate the CA because at short distances the EDL energy is much higher compared to the structural
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and van der Waals forces. This makes the right hand side of Equation (2.2) greater than one which
renders an unrealistic CA. A similar result was obtained for estimation of CA for monovalent salts using
CC assumption in the work of Sadeqi-moghdam et al. [115].

Figure 2.10 Zeta potential for NaCl and KCl as a function of salinity. For the estimation, we assumed
atmospheric CO2 conditions (400 ppm) and the equilibrium pH predicted by PHREEQC.

(a)

(b)

(c)

(d)

Figure 2.11 Calculated (a,c) CA and (b,d) total interaction energy for (a,b) NaCl and (c,d). KCl. The
experimental data are from reference [180]. 𝑃𝑐 = 1 [kPa]. Hamaker constant value for oil, brine, calcite
are equal to 1.01 × 10

[J], 3.7 × 10

[J], and 6.0 × 10

[J], respectively [170,182,183]. Total

non-retarded Hamaker constant is calculated based on Equation (2.5) and is equal to 0.66 × 10
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The applied decay length for NaCl and KCl are equal to 0.05 [88], 0.048, 0.046, and 0.044 [nm] for
1000, 5000,15000, and 30000 [ppm]. The coefficient of structural force is equal 1.5 × 10 [m] [88].
The reason for wettability shift toward less water-wet can be understood by analysing the behaviour of
the total disjoining pressure in different salinities. The total disjoining pressure in presence of NaCl and
KCl brines calculated with the CP assumption as a function of salinity is shown in Figure 2.11b and
2.11d, respectively. As the salinity of NaCl and KCl increases, a higher attractive force at the water film
zone appears that promotes the affinity of the rock surface towards oil leading to less water-wet
conditions. The analysis of the EDL under various boundary conditions shows an increment of attractive
force at the water film zone as the salinity of NaCl and KCl increase. Also, these calculations show that
although the IFT varies marginally and non-monotonically with the changes of NaCl and KCl
concentration, it is not the driving mechanism for the change of CA (as a measure of wettability
modification of the rock surface) because no significant change of the CA is observed. Other studies
also reported similar trends of CA with monovalent salts concentration. Shaik et al. [184] aged an oilwet calcite surface with NaCl brine at various salinities of 5, 0.656, and 0.164 [M] and measured the
advancing and receding CA of oil droplet (with AN of 1.5). From the monitoring of advancing CA, they
showed that as the salinity of NaCl brine decreased, the rock surface’s wetting tendency changed from
oil-wet (128°) to strongly water-wet with a CA of 27°. Also, The effect of NaCl concentration on the
wetting tendency of calcite was studied by Chandrasekhar and Mohanty [185] using adhesion force
between R-COOH functionalized AFM tip and the CaCO3 surface. It was observed that as the
concentration of NaCl increased from 0.01 to 1.94 [M], the adhesion force increased from 0.5 to 2.2
[nN]. The effect of NaCl concentration reduction in the increment of oil recovery was observed both in
spontaneous imbibition and core flooding tests [48,107,186,187].
2:1 salts: MgCl2 and CaCl2
Lashkarbolooki's measurement [180] of IFT for MgCl2 and CaCl2 showed a strong dependency on salt
concentration. The concentration of MgCl2 increased from 1000 ppm to 45000 ppm resulted in
substantial IFT reduction from 23.10 to 4.29 [mNm ], respectively. The lowest IFT was obtained for
15000 ppm (3.99 [mNm ]). Also, IFT for CaCl2 reduced from 21.82 to 13.25 [mNm ] for a similar
range of salinity. This behaviour was attributed to the increased solubility of oil polar components in the
aqueous phase and their reactivity with divalent ions Mg2+ and Ca2+ in MgCl2 and CaCl2 solutions [180].
Therefore, not only MgCl2 and CaCl2 can change the wettability of calcite surface through modification
of disjoining pressure but also by changing the IFT variation between the electrolyte solution and oil
influence the estimation of CA. To understand the effect of MgCl2 and CaCl2 on the wettability of calcite,
these two effects need to be analysed separately. Figure 2.12 shows the estimation of zeta potential for
oil-brine and rock-brine interfaces calculated by our tuned SCM. Both MgCl2 and CaCl2 make the rock
surface positively charged for the studied range of salinity. As the concentration of MgCl 2 or CaCl2
increases, the potential at the oil-brine interface moves from negative towards positive values, however,
the potential at the oil-CaCl2 brine interface remains negative.
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Figure 2.12 Zeta potential for MgCl2 and CaCl2 as a function of salinity. For the estimation, we assumed
atmospheric CO2 conditions (400 ppm) and the equilibrium pH predicted by PHREEQC.
Figure 2.13 shows the calculation of CA and total interaction energy for various concentrations of MgCl2
and CaCl2. Total non-retarded Hamaker constant is equal to 0.66 × 10

[J] . The applied decay length

for MgCl2 and CaCl2 are equal to 0.05 [88], 0.06, 0.070, and 0.085 [nm] for 1000, 5000,15000, and
30000 ppm brines. The coefficient of structural force is equal to 1.5 × 10

[m]. An interesting

observation from the experimental CA data points (see Figure 2.13a) is that as the concentration of
MgCl2 increases from 1000 to 5000, the rock surface behaves less water-wet and IFT reduces
significantly. Equation (2.2) suggests that as the IFT decreases, a higher CA (less water-wet state) can
be obtained. IFT reduction makes the oil droplet spread on the rock surface and occupy a larger area on
the rock surface. Therefore, the increase in the measured CA when brine concentration is increased from
1000 ppm to 5000 ppm could be explained by the IFT reduction. Figure 2.13b shows that as the salinity
of MgCl2 increases, the strength of attractive force decreases. This means that, at 5000 ppm, MgCl 2
makes the calcite surface more water wet than at 1000 ppm. Therefore, the increment of estimated CA
from 1000 to 5000 ppm brine concentration is only due to the reduction of IFT (an oil-water property)
although the rock surface becomes more water wet. As the concentration of MgCl2 increases from 5000
to 30000 ppm, the IFT of the solution stabilizes. For this range of salinity, IFT reduction does not occur
and reduction of the attractive forces becomes the main mechanism of the CA change. This results in
the appearance of a more stable and thicker water film which leads to the reduction of the estimated CA.
Thus, the non-monotonic behaviour of the experimental and estimated CA is explained by a combination
of the IFT change and the stabilization of water film due to stronger repulsive forces at higher salinities.
This trend is also reported by Aslan et al. [188]. They observed that at 0 [M] the CA was around 80 °
and as the concentration of MgCl2 is increased to 10

M, the CA reached to 155°. Then, the angle

reduced to 71° at the concentration of 1 [M]. Gomari et al. [111] showed that 0.5 [M] MgCl2 can change
the wettability of oil-wet calcite surface towards more water-wet state at pH of 5 and 7.
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(a)

(b)

(c)

(d)

Figure 2.13 Calculated CA (a,c) and total interaction energy (b,d) for MgCl2 (a,b) and CaCl2 (c,d). The
experimental data are from reference [180]. Pc = 1 [kPa]. Hamaker constant value for oil, brine, calcite
are equal to 1.01 × 10

[J], 3.7 × 10

[J], and 6.0 × 10

[J], respectively [170,182,183]. Total

non-retarded Hamaker constant is calculated based on Equation (2.5) and is equal to 0.66 × 10

[J].

The applied decay length for MgCl2 and CaCl2 are equal to 0.05 [88], 0.06, 0.070, and 0.085[nm] for
1000, 5000,15000, and 30000 [ppm]. The coefficient of structural force is equal 1.5 × 10 [m] [88].
Calculation of total interaction energy for CaCl2 shows a similar response as MgCl2. As the
concentration of CaCl2 increases, it reduces the attractive force between the oil and carbonate which
means CaCl2 increases the water-wet tendency of calcite surface.
2:1 and 2:2 salts: Na2SO4 and MgSO4
Lashgarbolooki’s measurements [180] showed that the IFT between oil and Na2SO4 and MgSO4 brines
is not a strong function of salt concentration. The results of oil-brine and rock-brine surface
complexation model for Na2SO4 and MgSO4 are shown in Figure 2.14. The estimated zeta potential for
oil-brine (Na2SO4) and rock-Na2SO4 brine interfaces are negative across the whole range of salinity.
Also, the oil-MgSO4 brine interface remains negatively charged; however, as the concentration of the
salt increases, the zeta potential increases and makes the interface less negatively charged. Depending

29

Chapter 2: Estimation of Calcite Wettability Using Surface Forces

on the sign of potential at each interface, the electrostatic energy is calculated and the obtained results
are shown in Figure 2.15.

Figure 2.14 Zeta potential for Na2SO4 and MgSO4 as a function of salinity. For the estimation, we
assumed atmospheric CO2 conditions (400 ppm) and the equilibrium pH predicted by PHREEQC.
To calculate the total interaction energy, the total Hamaker constant and decay length are set equal to
0.66 × 10

[J] and 1.5 × 10

[m], respectively. The employed decay length for Na2SO4 and MgSO4

are equal to 0.065, 0.06, 0.05, and 0.04 [nm] for 1000, 5000, 15000, and 30000 ppm. By increasing the
concentration of Na2SO4, the attractive force at the thin water film increases (Figure 2.15b) that results
in the increment of CA (Figure 2.15a). For this test, CP assumption predicts the trend of experimental
CA relatively better compared to the other boundary conditions. Contrary to the response of Na 2SO4,
increasing the MgSO4 concentration leads to the reduction of attractive force between the plates (Figure
2.15d). Calculated CA also shows a reducing trend by increasing the MgSO4 concentration. Comparing
the responses of the system to Na2SO4 and MgSO4 concentrations shows that divalent positive-ions (e.g.,
Mg2+) have a considerably larger impact on the calcite surface wettability. These results are in agreement
with other experimental observations. RezaeiDoust et al. [7] conducted four spontaneous imbibition
tests at 70, 100, and 130 ℃ where the cores were imbibed with NaCl containing different amount of
SO42- (0 ×, 1 ×, 2 ×, 4 × seawater concentration of SO42-). They observed no significant increase in oil
recovery neither at 70℃ nor at 100℃. However, in experiments that Ca2+ or Mg2+ were present together
with SO42-, the oil recovery improvement was observed. Moreover, Chandrasekhar et al. [172]
conducted CA measurement on oil-wet calcite and observed that modified seawater containing Mg2+
and SO42- could change the oil-wet calcite plates to more water-wet condition.
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(c)
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Figure 2.15 Calculated (a,c) CA and (b,d) total interaction energy for (a,b) Na 2SO4 and (c,d) MgSO4.
The experimental data are from reference [180]. 𝑃𝑐 = 1 [kPa]. Hamaker constant value for oil, brine,
calcite are equal to 1.01 × 10

[J], 3.7 × 10

[J], and 6.0 × 10

[J], respectively [170,182,183].

Total non-retarded Hamaker constant is calculated based on Equation (2.5) and is equal to 0.66 ×
10

[J]. The applied decay length for Na2SO4 and MgSO4 are equal to 0.065, 0.06, 0.05, and 0.04 [nm]

for 1000, 5000, 15000, and 30000 [ppm]. The coefficient of structural force is equal 1.5 × 10 [m]
[88].

Discussion
Consistent with previous studies [149,170,182,189], the calculated disjoining pressure for the calciteoil-brine system is negative. The extent of attractive force as a function of the salt type and salinity level
is different. The extended DLVO theory predicts a negative disjoining pressure for the calcite-brine-oil
system because the calcite surface is positively charged when divalent ions are present in the water,
whereas the oil interface is mostly negative. The calculation of van der Waals and structural forces
showed a negative and positive trend, respectively, which is also consistent with the findings from other
studies [149,170,182]. The positive disjoining pressure at a short distance (i.e. <0.5[nm]) is caused due
to the dominance of structural force on the extent of disjoining pressure. The shape of the disjoining
pressure curve showed a great dependency on the response of EDL force as a function of the type of
electrolyte and salinity level. The estimation of CA for the studied individual salts obtained from the
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calculated total disjoining pressure showed that CP assumption was relatively more successful in
predicting the trend of experimental data. The same observation was reported by Sadeghi-moqadam et
al. [115]. The constant potential nature of calcite-brine interface is confirmed in some studies [171].
However, there are a limited number of studies that directly measure the force between the crude oil and
water [125,190]. Some AFM studies performed on the interface of pure hydrocarbon and water indicated
that constant charge assumption can best fit the AFM data [191,192]. The source of electrical charge on
the oil-brine interface is still under investigation. Marinova et al. [193] concluded that adsorption of
hydroxyl ion (OH-) at the interface of oil-brine is the most probable mechanism of negative interfacial
charge. The nonpolar component of crude oil like alkanes and aromatics can provide considerable
surface electric charge when they are in contact with polar liquid such as water [115]. Also, the polar
components of crude oil such as asphaltenes and resins can have electrical charges or exchange ions
with the surrounding solutions. Chow et al. [194] and Takamura et al.[195] concluded that the origin of
oil-brine interface charge is associated with the dissociation of the carboxylic acid group which are the
natural surfactant in crude oil components. The calculation of CA using the extended DLVO theory
showed that the wetting tendency of calcite surface is highly dependent on the extent of EDL force while
IFT variation with salinity change had marginal impacts. A similar observation was reported in the work
of Mahani et al. [189] where the driving force for the wettability alteration was attributed to the change
in solid-liquid energy barrier rather than the variation of oil-brine IFT. IFT variation with salinity change
can be considered as a contributing mechanism towards wettability change for calcite surface.

Conclusion
The main objective of this study was to understand the role of individual salts on the wetting tendency
of the calcite surface. To do so, we used the extended DLVO theory to estimate the disjoining pressure
and contact angle as a function of the salinity level. Electrical double layer, structural, and van der Waals
forces were involved in the calculation of disjoining pressure. Our main findings are summarized below.
The force and interaction energy between two dissimilar surfaces were calculated based on
assuming different boundary conditions. The constant potential and constants charge boundary
conditions represented the lower and upper bounds, respectively, for the calculated force and
energy of different brine types.
The calculation of total interaction energy between the two interfaces shows that increasing the
salinity of brine solution containing individual salts such as NaCl, KCl, and Na 2SO4 leads to
stronger attraction between the oil-brine and rock-brine interfaces, resulting in a thinner water
film. On the other hand, increasing the concentration of MgCl2, MgSO4, and CaCl2 render a
stronger repulsive force and thicker and more stable water film between the oil and the rock
surface. These observations were also consistent with the contact angle estimation.
Considering constant charge at the oil-brine interface and constant potential at the calcite-brine
interfaces resulted in better consistency between the calculated and experimental contact angle.
The analytical solution for 1:1 electrolytes provides a reasonable estimation of the electrostatics
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forces even for more complex brine compositions at short water film thicknesses (<10 nm). At
larger distances, including the effect of higher valence ions in the calculations of the EDL force
becomes essential.
The main contributing mechanism to the modification of calcite wettability is the variation of
charges and potential at the oil-brine and rock-brine interfaces. Changes in IFT can be
considered as a complementary contributing mechanism in the process of shifting calcite
wetting condition.
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3. Chapter 3: Prediction of oil breakthrough time in modified salinity water
flooding in carbonate cores

3
Prediction of oil breakthrough time in modified
salinity water flooding in carbonate cores
Research2 carried out in the context of the modified salinity water flooding in carbonates showed that
tuning the ionic composition of the injection water in core flooding experiments can lead to a more
water-wet system, eventually affecting the flow of the oleic and aqueous phases. Previous endeavours
for mathematically modelling this problem include complex reactive transport models and an indicator
for the mobility alteration of phases. Thanks to a large number of fitting parameters, almost all proposed
models can reasonably fit a limited set of core-flooding recovery data, which makes the choice of
physical mechanisms for the development of a mechanistic model irrelevant. Here, we address this
problem by correlating the geochemical interactions of potential determining ions with a two-phase
transport model and performing a constrained history matching of the modified salinity water flooding
tests in secondary and tertiary mode. Instead of matching only the recovery factor and pressure drop
history, we give a higher priority to matching the different ion concentrations and oil breakthrough
times. Our results show that the oil breakthrough times can only be correctly obtained by accurately
modelling the carbonate-brine physicochemical interactions and choosing the adsorbed potential
determining ions’ concentrations as a mobility-modifier indicator. The important observation is that for
most core-flooding experiments, the lag between the start of the injection of the modified-salinity brine
and the oil breakthrough time can be better predicted by considering the wettability alteration due to
the adsorption of potential determining ions on the carbonate surface.

This chapter is revised layout of ” Taheriotaghsara, M., Bonto, M., Eftekhari, A. A., & Nick, H. M.
(2020). Prediction of oil breakthrough time in modified salinity water flooding in carbonate
cores. Fuel, 274, 117806”.
2
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Introduction
Accelerating the rate of oil recovery with lower cost and environmental footprint to match the increasing
demand for fossil fuels has become more challenging. Water flooding as a common improved oil
recovery (IOR) method is used in many light-to-medium density oil reservoirs to produce the remaining
oil. Since three decades ago, it was observed that modifying the composition of the injected brine
(compared to the formation brine) can accelerate and produce extra oil and reduce the residual oil
saturation from carbonate and sandstone rocks [17,25,26,45,196–199]. Although observed since the
1960s, the initial efforts towards elucidating the impact of salinity change on the oil recovery were
commenced in the 1990s by studies of Morrow and his research group in sandstone rock [25,26,199].
Later on, various studies at different scales such as core and field studies confirmed the potential for
improved oil recovery by MSW flooding in sandstone [7,63,200–203].
Also, carbonate fields that contain a considerable volume of the world’s oil [204] are recognized as
suitable candidates for the implementation of this technique. For instance, a remarkable improvement
of oil recovery in Ekofisk reservoir to more than 50% of OOIP [28,30] by seawater flooding is a wellknown example of MSW flooding into carbonate rocks. Numerous laboratory and few field studies have
shown that the oil recovery in carbonate rocks can be improved by lowering the total salinity or
manipulating the ionic composition of the injecting brine [43,45,62,72,86,187,205–208]. In some cases,
however, the improvement of oil recovery was not observed or was negligible [99,209]. This suggests
that the actual mechanism(s) that increase the oil recovery during the modified salinity water flooding
of the carbonate cores are still poorly understood.
Many studies have been conducted, for example, core flooding, spontaneous imbibition, ion
chromatographic tests among others to determine the underlying mechanisms and the required
circumstances for the improvement of oil recovery by the injection of MSW into the carbonate rocks
[43,46,205,210–212]. It seems that different mechanisms are acting simultaneously at different scales
(i.e., from molecular up to pore scales [87]), with wettability alteration being the most likely mechanism
in carbonates based on the experimental observations. Even though the prerequisites for the realization
of wettability alteration due to MSW injection in carbonate are well documented, the physicochemical
interactions that lead to the wettability alteration are still under further investigations. Wettability
modification of carbonate surface due to anhydrite dissolution [60], surface charge modification
[46,61,62], double-layer expansion [63,64], and calcite dissolution [65,66], although ruled out by Austad
and coworkers, microemulsion formations [67], and viscoelasticity improvement at oil-brine interface
[68] are among the most discussed and cited processes in the literatures.
The physicochemical interactions of the reservoir rock with the potential determining ions (PDIs) are
the core of many proposed mechanisms for the improved oil recovery of the MSW flooding [86,97].
This means that the improved recovery depends not only on the injected brine composition but also on
the rock composition. Experimental evidence suggests that the presence of anhydrite is essential to
observe low-salinity waterflooding in carbonates [28, 34]. Although sharing similar chemical
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composition, chalk was suggested to have a higher surface reactivity towards potential determining ions
compared to limestone [42] or dolomite [45-47]. Moreover, Fernø et al. [44] publications show that even
different types of chalk lead to different ionic interactions. Thus, the surface properties of each specific
sample have considerable influence on the performance of MSW flooding.
The complexity of the interactions at different interfaces (i.e., rock-oil, rock-brine, and oil-brine) and
their combined impacts on the overall behaviour of MSW flooding in carbonate rock are among the
reasons that no unified theory exists for this process. Moreover, seemingly contradictory results are
obtained in core flooding experiments, which is one of the most common tests that are used for the
qualitative and quantitative assessment of MSW flooding in carbonate rocks. In this study, many MSW
flooding tests in carbonate rocks are reviewed and summarized. Our objective is to show, firstly, the
effectiveness of the salinity reduction and brine composition modification in the improvement of oil
recovery in carbonate rocks. Secondly, we present a new approach for the estimation of carbonate core
flooding behaviour by the integration of mathematical modelling of the core flooding and
thermodynamic equilibrium calculation of carbonate-brine-crude oil system.

Carbonate Core flooding overview
Core flooding results are usually considered as one of the main evidence for the effectiveness of MSW
in the improvement of oil recovery. Usually, the influences of altering the brine composition in the
improvement of oil recovery are studied by performing sequential core flooding tests.
These studies can be categorized in two groups. First, core flooding tests that commence with formation
brine injection during the secondary mode and followed by reduced salinity or modified salinity brine
injection. Second, water flooding with a different brine composition than formation water (e.g.,
seawater) in secondary mode followed by reduced salinity or modified salinity brine injection. The
advantage of the first one is that the effect of the change in brine composition on the oil recovery during
the secondary mode can be neglected and a baseline for comparing the results in tertiary mode is
obtained. However, the second group has the merit of being very similar to the reality of some water
flooding processes in reservoir scale, e.g., seawater injection in offshore fields. It should be noted that
some considerable interactions may take place during the secondary mode, which may mask or lower
the tertiary mode MSW flooding.
An important parameter that is the focus of this study is the time of oil breakthrough during the tertiary
flooding, termed "PVb" as shown in Figure 3.1. The analyses are based on mass balance calculations on
24 sets of core flooding tests in carbonate cores. Note that here we have assumed the formation of a
second oil bank due to the injection of MSW after the secondary core flooding with formation water.
Two important observations are made in most of the MSW flooding tests: firstly, the oil breakthrough
in tertiary mode takes place with a delay, i.e., later than the time at which the injected MSW (T tracer)
breaks through. Secondly, the pressure difference during the tertiary MSW flooding decreases or
remains unchanged (when all other parameters are kept constant). The average delay in oil breakthrough
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in the analysed core flooding tests is around 0.62 pore volume. This is considerable uncertainty at the
reservoir scale. Depending on the size of an oil reservoir, oil production with a delay of 0.62 pore volume
is equivalent to a waiting time of a few years. This extra time needs to be considered in the economic
analysis of the MSW flooding as an IOR scenario.

Figure 3.1 Typical schematic of oil recovery and pressure drop curves from MSW flooding in carbonate.
The test starts with the injection of either formation brine or compositionally modified brine during
secondary mode followed by injection of reduced salinity or modified brine. The delay in the
breakthrough of oil recovery at the beginning of tertiary mode is noticeable.
The summary of the studied tests is shown in Figure 3.2. The filled coloured columns show the
experimental oil breakthrough time (PVb) during (post) tertiary mode for core flooding tests and the
patterned columns show the calculated MSW breakthrough time using mass balance calculations. The
difference between these two columns is equal to the delay for oil production. This suggests that the
underlying wettability alteration mechanism is time-dependent; the required time for the observation of
oil breakthrough depends on the chemical activity of PDIs and their physicochemical interactions with
the carbonate rock surface. Also, other factors such as pressure, temperature, and rock/formation
brine/crude oil composition play important roles in the rate of oil detachment from the carbonate rock
surface. In Figure 3.2, the experimental results are categorized based on the rock type. The delay in
production can be observed in various core flooding tests. Figure 3.2 also shows that a systematic
experimental study on the effect of mentioned parameters on the time of oil production during the
modified salinity core flooding test is yet to be performed. The observed delay from the performance of
core flooding is not due to the required time for fill-up which usually observed in oil field water flooding.
It should be noted that the injection of various brine composition for the selected core flooding tests
were performed sequentially while the cores were kept pressurized. Moreover, the brine is already
compressed to the core pressure in the pump piston and its compressibility, which is very low, does not
contribute to this observed delay.
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Figure 3.2 Analyses of 24 core flooding tests in various carbonate rocks (e.g., chalk, limestone, and
dolomite). The difference between the PVb (dark colours column) and the calculated breakthrough time
of MSW (patterned columns) is equal to the delay in oil production. The values for the observed
(experimental) PVb and oil recovery factor are found from digitizing the reported oil recovery curves in
[9,12,48,60,172,186,187,208,213]. The oil recovery factor during secondary mode is shown by RFW or
RSW depending on whether the core flooding in secondary mode starts with Formation water (FW) or
Seawater (SW). Ttracer shows the time between the injection and the breakthrough of MSW.
Figure 3.3 explains schematically the difference between the expected and observed behaviour of MSW
flooding in carbonate core flooding tests. The early explanations and mathematical models of MSW
flooding assume that oil mobility is increased due to the change of salinity and forms an oil bank that
appears ahead of MSW front (see Figure 3.3A). The appearance of the oil bank is considered to be due
to the wettability change as a consequence of salinity reduction or ionic interactions of PDIs. However,
the analysis of several core flooding tests in this study shows that the front of MSW is ahead of the oil
bank (see Figure 3.3B). Consequently, the oil bank is produced with a delay, which cannot be explained
by the relative permeability of oil and water alone. Several studies show that an extra volume of oil can
be recovered if brine with the right composition enters the core and contacts the rock surface. The
importance of the presence of potential determining ions are also discussed in several studies
[9,12,60,187,208,213,214]. Here, we consider that the wettability modification of the carbonate surface
is controlled by the chemical interactions between the PDI’s and the rock surface (see 3.3C). To
investigate these interactions and its effect on the flow of oil during MSW flooding, we combine a twophase (oil-water) transport model with the transport of ions in the aqueous phase and a thermodynamic
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model that takes into account the rock-brine interactions. We then simplify the model to the onedimensional transport model of the oil and water phases, and a single ionic species that can adsorb on
the carbonate surface. We then try to match the model (with and without the adsorption reaction) to
several core flooding results. The importance of the considered physical mechanism, i.e., wettability
alteration due to adsorption of ions on the carbonate surface in obtaining reasonable history matching is
extensively evaluated and discussed.

Figure 3.3 Schematics of expected (a) and observed (b, c) response of a formation-water-flooded
carbonate core to MSW flooding; (a) oil and brine fronts if the wettability changes with salinity; (b) oil
and brine fronts plotted based on the observed MSW flooding data, assuming wettability alteration due
to ionic adsorption; (c) adsorbed ions concentration along the core length (yellow shows the maximum
and white shows the minimum concentration).

Methodology
3.3.1.

Transport Model

The transport and adsorption of ionic species i in a two-phase system for a 1D porous medium is
described by
𝜕(𝜑𝑆 𝐶 ) 𝜕(𝐴 𝜌 (1 − 𝜑)) 𝑄 𝜕(𝑓 𝐶 )
+
+
=0
𝜕𝑡
𝜕𝑡
𝐴 𝜕𝑥

(3.1)

and the two-phase flow of oil and water is described by

3

𝜕(𝜑𝑆 ) 𝑄 𝜕(𝑓 )
+
= 0,
𝜕𝑡
𝐴 𝜕𝑥

(3.2)

𝑆 + 𝑆 = 1,

(3.3)

2

where 𝑄 [m /s] is the injection rate, A [m ] is the cross-sectional area of the core, 𝑓 [-] denotes the
fractional flow of water, 𝐶 [mol/m3] denotes the concentration of ion i in the aqueous phase, 𝑆 , 𝑆 [-]
denotes the water and oil saturation, 𝜑 [-] is porosity, 𝐴 [mol/kg] is the amount of species i that is
adsorbed on the rock, and ρ [kg/m3] denotes the rock density. It is assumed that the adsorption of
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species i on the surface alters the wettability and consequently the relative permeability and the
fractional flow function, which means that 𝑓 is a function of both 𝑆 and 𝐶 . By considering 𝐶 =
𝐴 𝜌 (1 − 𝜑)⁄𝜑 , 𝑣 = 𝑄 ⁄(𝐴𝜑) and rearrangement of Equation (3.1), we obtain
𝜕(𝑆 𝐶 )
𝜕(𝑓 𝐶 ) 𝜕 𝐶
= −𝑣
−
𝜕𝑡
𝜕𝑥
𝜕𝑡

(3.4)

By defining the dimensionless distance and time, i.e., 𝑥 = 𝑥 ⁄𝐿 and 𝑡 = 𝑣𝑡⁄𝐿 , we can write the
dimensionless form of the above equation. Following Pope [215], we define the adsorption equilibrium
coefficient for the adsorption of species i on the rock (𝐷 = 𝑑𝐶 ⁄𝑑𝐶 ) to obtain
(𝑆 + 𝐷 )

𝜕𝐶
𝜕𝑡

+𝑓

𝜕𝐶
=0
𝜕𝑥

(3.5)

The velocity of the concentration and saturation shocks (for the injected brine) can then be obtained by
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=
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(3.6)

𝑓
𝑆 +𝐷

(3.7)

Figure 3.4 shows the construction of the analytical solution for finding the saturation and concentration
profiles. By increasing the ionic adsorption, the slope of the tangent line from (-Di, 0) to the low salinity
fractional flow curve decreases, which decreases the shock front velocity (see Equation (3.5)) and shifts
the saturation profile to the left as depicted in Figure 3.4b. The shift in water saturation profile delays
the arrival of the oil bank to the production well (right boundary), which is observable in the laboratory
tests. The adsorption equilibrium coefficient 𝐷 can be obtained in the lab or by using a mechanistic
model that can describe the physicochemical interactions between brine and carbonate surface. Here,
we use a surface complexation model, which is tuned to the experimental zeta potential data of artificial
and natural calcite in brine, for an accurate estimation of the adsorption coefficient of different ions on
the carbonate surface.

Shift in water saturation

(a)

(b)

Figure 3.4 (a) Water fractional flow curve including adsorption effect in tertiary mode water flooding
(𝐷 = 0.2) (b) water saturation profile for 𝐷 = 0 and 𝐷 = 0.2.
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Figure 3.5 shows the effect of different adsorption coefficients on the oil production delay and
corresponding pressure drop in the tertiary MSW flooding. By increasing 𝐷 from 0.0 (i.e., no
adsorption) to 0.8, a delay of half a pore volume can be observed in the tertiary oil production. Since the
value of 𝐷 for Ca+2 or Mg+2 ions in a typical carbonate core have a value of 0.3, we expect a delay of at
least 0.2 pore volume in the tertiary MSW flooding experiments. This translates to a few hours of realtime for a standard core and a typical core flooding injection rate (≅0.3𝑚 ⁄𝑑𝑎𝑦), which makes it an
easily observable parameter in the MSW flooding experiments. In the next section, we describe how to
obtain the adsorption coefficient for different ions, and how to fit the model to a selected set of
experimental data by adjusting the relative permeability parameters, which are obtained by the following
equations:

where, 𝐾

and 𝐾

𝐾

=𝐾

𝑆 −𝑆
1−𝑆 −𝑆

(3-8)

𝐾

=𝐾

1−𝑆 −𝑆
1−𝑆 −𝑆

(3-9)

denote oil and water endpoint relative permeability, 𝑛 and 𝑛 denote Corey's

exponent for oil and water, 𝑆

and 𝑆

denote connate water saturation and residual oil saturation,

respectively.

(a)

(b)

Figure 3.5. Effect of increasing the adsorption coefficient on (a) the delay in the oil production and (b)
the corresponding pressure drop across the core. It is assumed that tertiary mode water flooding starts
after injection of 10 pore volume water and plateau oil recovery during secondary mode is 62.5 %.

3.3.2.

Surface Complexation Model

In natural systems, the calcite surface chemistry is governed by the equilibrium between calcite, water
and CO2 phase [216]. The CO2 can give rise to the formation of carbonic acid, lowering the pH and
leading to calcite dissolution. The adsorption of certain ions [217] and the specific effect of the
background electrolyte concentration [218] can also impact the dissolution rate. Due to this highly
dynamic and reactive system, the adsorption data on the calcite surface is scarce compared to hydrous
metal oxides or clay minerals [219]. Moreover, the few available data focus on the adsorption of trace
elements on the calcite surface [159,219–221].
42

Methodology

To assess the adsorption on surfaces, acid/base titration measurements are usually used. Even though
novel modifications to this technique have been proposed to quantify proton sorption on calcite [222],
this approach is usually not considered applicable to calcite because of the calcite high reactivity [223].
To overcome the limitations of the traditional acid/base titration to characterize the calcite surface, many
authors have performed electrokinetic studies to measure the zeta potential of calcite in aqueous
solutions [41,42,146,167,224,225]. The increase in the reported measurements has also enabled the
development of different surface complexation models for the calcite: constant capacitance model [160],
diffuse layer model [65,146,153,226], Basic Stern [223] and CD-MUSIC [158]. For more details on the
differences between the models, the reader is referred to [227,228].
By fitting the models to a limited number of electrokinetic measurements, they can be used subsequently
in predicting the surface charge or the sorption of different ions on the calcite minerals. Moreover, since
two different reactive sites are available at the calcite surface and multiple electrostatic effects occur at
the same time, it is challenging to infer experimentally the equilibrium constant associated with the
de/protonation of the surface sites. In the same way, the experimental measurement of electrolyte
adsorption constants usually involves important experimental errors and for this reason, their estimation
often involves the use of numerical fitting experimental data [229]. Because of this, determining the
equilibrium constants for the surface reactions usually requires to fit the model to the measured zeta
potential.
Thus, in this work, we use the CD-MUSIC model for calcite developed by Wolthers et al. [146,223] and
we implement it in PHREEQC. In this model, the charge can be distributed in three planes following a
similar approach as in the triple-layer models [230,231]. In the 0-plane only protonation and
deprotonation of the surface sites are considered; in the 1-plane (also called Inner Helmholtz plane-IHP)
the inner sphere complexes get adsorbed (no water molecule involved in the adsorption) and the 2nd
plane (Outer Helmholtz Plane-OHP) is where outer-sphere complexation is considered (presence of a
water molecule between the reactive sites and the adsorbed species). Moreover, even though the triplelayer models allow defining surface reactions between background electrolyte and surface sites, the
model originally proposed by Wolthers et al.[158] does not include background electrolyte interaction
with the surface.
Since the CD-music model does not consider interaction of the sulphate and magnesium ions with the
calcite surface, we define these interactions following the initial approach used in the development of
the SCM, that of defining reactions analogous to solution complexation taking the equilibrium constants
for this aqueous phase reactions from the LLNL (Lawrence Livermore National Laboratory) database
[232]. The reactions considered in the model, their equilibrium constants and the charge contribution in
each plane are gathered in Table 3.1. Since only inner-sphere complexation is considered, the charge in
the 2nd plane, B2, is zero.
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Table 3.1. Surface reactions defined for CD-MUSIC. Capacitances C1=1.3 F/m2 and C2=4.5 F/m2;
Surface site density: 4.95 #/nm2

Wolthers et al. 2008

Surface reactions

12.85

10.15
-2.80

.

≡ 𝐶𝑎𝑂𝐻

-24.73
1.55

𝐵

.

≡ 𝐶𝑎𝑂𝐻
≡ 𝐶𝑎𝑂𝐻
≡ 𝐶𝑎𝑂𝐻

.

.

+ 𝐶𝑂
.

-3.58

↔≡ 𝐶𝑎𝐶𝑂

.

.

↔≡ 𝐶𝑂 𝐶𝑎
.

-2.20

≡ 𝐶𝑂 𝐻

.

+ 𝑀𝑔

↔≡ 𝐶𝑂 𝑀𝑔

SO4

↔≡ 𝐶𝑂

0.35

≡ 𝐶𝑎𝑂𝐻

.

+ 𝑆𝑂

↔≡ 𝐶𝑎𝑆𝑂

.

0

-1

0

+ 𝑂𝐻

0.6

-1.6

.

0.6

-0.6

-1

2

-1

0

+𝐻

-1

2

+ 𝑂𝐻

0.6

-1.6

+ 𝑂𝐻

+𝐻

+𝐻
.
.

𝐵

1

+𝐻

+ 𝐻 ↔≡ 𝐶𝑎𝐻𝐶𝑂

+ 𝐶𝑎

≡ 𝐶𝑂 𝐻

.

↔≡ 𝐶𝑎𝑂

+ 𝐶𝑂

≡ 𝐶𝑂 𝐻

.

+ 𝐻 ↔≡ 𝐶𝑎𝑂𝐻

2-

Mg2+

Surface reactions defined in

log(k)

First, we assessed the performance of the model for predicting the zeta potential of calcite in aqueous
solutions. We observed that the model predicts satisfactory the electrokinetic potential of chalk samples.
For more detailed discussion the readers are referred to reference [148].
From the surface complexation model, we can easily obtain adsorption data/results. However, the
integration of the surface complexation model would require a numerical approach for solving the
advection-diffusion equation. In this work, we seek an analytical mathematical approach to describe the
two-phase flow in porous media able to account for the adsorption of ions, allowing the matching of
different ion concentrations in core flooding tests. This can be achieved by integrating the Langmuir
model of adsorption. Therefore, we first need to estimate the constants that this isotherm relies on. To
do so, we generate adsorption data using the surface complexation model and we fit the obtained data
to a linearized form of the Langmuir isotherm (Linearization II – Lineweaver Burke) [233]
1
1
𝛽
=
+
Г
𝑘,𝐶 𝑘,

(3.10)

where Г [mol/m2] denotes the amount of component adsorbed, 𝐶 [mol/m3] denotes the concentration
of component i in the injecting water and 𝑘 [m] , 𝛽 [m3/mol] denote Langmuir’s constants. To get the
Langmuir constants for the relevant ions for the modified salinity water flooding, a background
electrolyte concentration was defined for the solution in PHREEQC and the other ions concentration
was successively varied. The ions that have been considered are Ca2+, Mg2+, CO32- and SO42-. An initial
concentration of NaCl of 0.5 M was considered, and the other ions were increased from 0.01 to 0.1 M.
The increase in the species concentration was accomplished by adding the necessary concentrations of
CaCl2, MgCl2, Na2CO3, and Na2SO4.
Other parameters required in the implementation of the surface complexation model in PHREEQC are
related to the surface. We defined the amount of calcite added in the calculation from the porosity of the
cores used in the core flooding experiments considered in this work. We also set a specific surface area
(SSA) of 2 [m2/g], if not otherwise stated. The amount of the active surface site density was assumed to
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correspond to 4.95 #/nm2 [146,158,223,225]. The initial solutions were charged balanced and we
performed the calculations at the equilibrium pH predicted by PHREEQC. Moreover, anhydrite was
included in the equilibrium phases to account for the possible precipitation of this phase in the systems
containing sulfate. The amount adsorbed, Г , is obtained from the total amount of moles, 𝑛 , adsorbed:
Г =

𝑛
∙𝑚
𝑆𝑆𝐴

(3.11)

where, 𝑛 [mol] denotes moles of component i adsorbed, 𝑚 [kg] denotes the mass of calcite used in the
calculation. We then represent 1⁄Г against 1⁄𝐶 and from the equation of the line, Langmuir constants
are obtained.

3.3.3.

Optimization procedure

The aim of this analysis is to fit the described transport model to the core flooding data of MSW flooding.
The adsorption coefficients are obtained from the surface complexation model and are not used as fitting
parameters. The transport equations are solved analytically with a computer program written in the Julia
programming language [234]. All the experimental parameters, i.e., the petrophysical properties and
dimensions of the rock (e.g., core porosity, permeability, length, and cross-sectional area), fluid
properties (i.e, oil and water viscosity), and core flooding properties (i.e, flooding velocity, initial water
saturation, pore pressure, number of injected pore volume) are extracted from the literature and
organized in separate data files. The unknown Brooks-Corey relative permeability parameters for oil
and water, i.e, oil and water endpoint relative permeability, 𝐾

and 𝐾 , Corey's exponent for water

and oil, 𝑛 and 𝑛 , connate water saturation (𝑆 ), and residual oil saturation (𝑆 ) are adjusted by the
optimization algorithm. The objective function is the sum of square of (normalized) errors, which is
calculated by finding the difference between the calculated and the experimental recovery factor and
pressure drop history for each experiment. We used a search based optimization algorithm from the open
source optimization package NLopt [235]. For certain experiments, some of Corey’s relative
permeability parameters could be fixed by using the results of pressure drop analysis. We specified the
upper and lower bounds of the variables such that the optimization is forced to converge to a value close
to these pre-calculated numbers; however, the range is wide enough to obtain the best fit. NLopt includes
several optimization algorithms. In this study, DIRECT-L [236] is used, which works based on
randomization to find which domain to halve next in case of being in the vicinity of the answer. The
criterion for the quality of history matching is the minimized value for the calculated error and the visual
comparison between the model results and the actual data.
The above procedure is applied to both secondary and tertiary water flooding experiments. Initially, the
best match is found for the secondary mode in which formation water is used for flooding the core.
Thereby, the endpoint relative permeability values and Corey’s exponents for oil and water and residual
oil saturation and connate water saturation are found for the formation water-crude oil system. The
obtained relative permeability curves are then used in the simulation of the MSW flooding to optimize
the relative permeability parameters for the MSW-crude oil. In the majority of the studied cases, the
45

Chapter 3: Prediction of oil breakthrough time

original raw data was not accessible. Therefore, the recovery and pressure drop curves versus pore
volume of injecting water are digitized, using a web-based tool "WebPlotDigitizer". In some studies,
the brine viscosity and density are not reported. They are estimated based on the methods presented by
Sharqawy et al.[237]. The optimization procedure is summarized in Figure 3.7.

Figure 3.6 schematic of the optimization procedure; Input data are (1) Petrophysical properties: 𝜑, 𝑘,
𝐴, 𝐿, 𝑆 , 𝜌 , 𝑆𝑆𝐴; (2) core flooding properties: 𝑄 , 𝑝 , 𝑃𝑉; (3) fluid properties: 𝜇 , 𝜇 ; (4) Corey
parameters’ initial guess: 𝑘 , 𝑘

, 𝑛 , 𝑛 , 𝑆 , 𝑆 ; (5) Experimental Production Data (EPD, i.e.,

recovery factor and pressure drop). MPD=Model Production Data. Optimization procedure and surface
complexation model are coupled with the transport model to analyse the effect of single ion adsorption
on estimating the oil breakthrough time in tertiary mode water flooding.

3.3.4.

Selected core flooding tests

The described optimization procedure is performed for several core flooding tests. Here the analysis of
two core flooding tests is discussed and the results of other experiments are collected in the
supplementary material.

3.3.4.1.

Experiments of Gupta (2011)

Gupta et al.[12] investigated the effect of changing the concentration of potential determining ions in
the injecting brine on the improvement of oil recovery in two dolomite (D1 and D2) and six limestone
cores (L1 to L6). Here, we use the results of core L1 for further analysis. Core L1 was saturated with
formation water and centrifuged to obtain the desired initial water saturation. Then, dead crude oil was
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injected into the cores and the core plugs were aged at least for 6 weeks. The core flooding tests started
with the injection of formation water at 120˚C till oil production ceased, followed by one or more types
of modified brine injection. When the oil production slowed down, the injecting fluid switched to
seawater with four times spiked sulphate concentration (4xSO4-2) in tertiary mode. Oil recovery
increased to 5% of OOIP in tertiary mode with a PVb of 0.65 pore volume.

3.3.4.2.

Experiments of Fathi (2010)

Fathi et al. [48] conducted a forced flooding test on a Stevns Klint outcrop chalk sample (core ID:
SF#20) at 120˚C to study the effect of salinity and brine composition on the improvement of oil recovery.
The rate of flooding was 1 (pv/day). The forced displacement test started with the injection of formation
water followed by seawater and modified seawater (i.e., 3 times diluted seawater to 10000 ppm:
dSW10000). The aim of the test was to investigate the influence of changing the PDIs concentration
ratio in seawater. It was anticipated that due to the removal of monovalent ions (Na+ and Cl-), the activity
of PDIs (i.e., divalent ions) in modified seawater was higher compared to ordinary seawater, and the
adsorption of sulfate ion on the chalk surface would be higher during modified salinity water flooding.
The oil recovery during the formation water flooding and ordinary seawater flooding increased to 56%
and 7% of OOIP, respectively. However, the oil recovery did not improve during dSW10000 flooding.
The performance of core flooding in L1 [12] and SF#20 [48], petrophysical properties of the core, the
composition and properties of the used brine are summarized in Figure B1 to B3 and Table B1 and B2
in the supplementary material, respectively.

Results and discussion
In this section, we present the results of our analysis for the selected MSW flooding experiment of Gupta
[12] and Fathi [48] in carbonate cores.

3.4.1.

Ionic interactions of PDIs with the carbonate surface

To study the impact of single ion adsorption on the quality of the history matching, we first calculated
the equilibrium constant (𝐷 ) for the potential determining ions. To get the Langmuir's constant for the
relevant ions for the modified salinity water flooding, an initial concentration of NaCl of 0.5 M was
considered, and the concentration of PDIs were successively increased from 0.01 to 0.1 M. The increase
of the ionic concentrations was achieved by addition of CaCl2, MgCl2, Na2CO3, or Na2SO4. The amount
of calcite in the PHREEQC reaction cell was defined to correspond to the porosity of core L1 and SF#20.
We assumed a specific surface area (SSA) of 2.5 [m2/g], a surface site density of 4.95, and a CO2 partial
pressure (in the form of pCO2) of -3.44 atm. The initial pH of the solution was set to 7 and the solution
was charged balanced. We assumed that calcite and gas (CO2) phases are in equilibrium with the
solution. Anhydrite was included for the solutions containing SO4-2. The calculations were performed at
the equilibrium pH predicted by PHREEQC.
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Based on our optimized surface complexation model, the values for Г versus concentration of PDIs are
calculated. The obtained values are used in the Langmuir model to calculate 𝑘 and 𝛽 (Langmuir
constants). Figure 3.7 shows the variation of 1/Г versus the inverse of concentration. Using the intercept
and slope of the trend line passing through the calculated points, the values for 𝑘 and 𝛽 are estimated.
We then used the definition of adsorption equilibrium constant, i.e. 𝐷 = 𝑑𝐶 /𝑑𝐶 , to calculate the value
of Di. It is necessary to mention that 𝐷 is not considered as an optimization parameter for finding the
best fit for oil recovery curves and it is calculated based on the brine composition and for each core
flooding.

Figure 3.7 Amount of component adsorbed (Г𝒊 ) versus concentration in the aqueous phase (𝐶 ) for PDIs
in (a) core L1 at 120 ℃ and (b) core SF#20 at 120℃.
Note that although we consider the same SSA and the same SCM for both limestone (Figure 3.7a) and
chalk cores (Figure 3.7), the adsorption behaviour of the different ions is slightly different. The different
core porosity (25.56% for limestone and 45% for chalk), which eventually determines the amount of
mass that we include in the equilibrium calculations for a fixed amount of water, results in a different
solution composition upon equilibration. The slight changes in pH together with the higher equilibrium
bulk calcium concentration in the presence of a greater mass of calcite will impact the surface speciation,
thus the adsorbed amount of different ions on the surface.

3.4.2.

Transport model with no ionic adsorption

The initial estimations for Corey's relative permeability parameters are determined using the pressure
drop analyses. Table 4S (supplementary material), summarizes the initial conditions and the results of
the preliminary calculations for the oil and water relative permeability's endpoint and residual oil
saturation at the end of each cycle of brine injection. Considering the obtained results for the stabilized
pressure drop at the end of each cycle, modification of brine composition from formation water to
seawater 4xSO4-2 reduced the relative permeability of water. In the history matching, we use a lower
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and upper bound of 1 and 4 for 𝑛 and 1.5 to 4 for 𝑛 . The upper bound for 𝑠

is equal to the initial

water saturation (i.e., 𝑆 ) in the secondary mode water flooding; however, due to the wettability
modification of the rock during tertiary water flooding, the variation of 𝑆

and the relative permeability

endpoints for oil and water are considered to be between zero and one. The quality of history matching
for core L1 and SF#20 oil recovery curves are shown in Figure 3.8.

(a)

(b)

(c)

Figure 3.8 History matching results for oil recovery (a) and pressure drop (b) during secondary and
tertiary mode versus the number of injected pore volume for core L1 and core SF#20 (c). The pressure
drop for SF#20 is not reported in reference [48]. The circular points (blue represent secondary mode and
red represent tertiary mode) are the experimental data and the solid/dashed lines are the results of the
mathematical model.
The experimental data for oil recovery during secondary and tertiary modes are shown in blue and red
points, respectively in Figure 3.8. The history matched model predicts the oil recovery during the
secondary mode with satisfactory accuracy. Since the compositions of the formation and the injecting
brine in secondary (FW) were similar, it is assumed that no considerable interaction takes place (in terms
of ionic adsorption) between the injecting brine and rock surface, i.e., the thermodynamic equilibrium
is not disturbed. Initially, we made a similar assumption for the history matching of the oil recovery and
pressure drop during tertiary mode water flooding, i.e., wettability alteration due to the change of salinity
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with no adsorption effect. Although the model can predict the trend of the oil recovery curve during the
tertiary mode, a reasonable value for the time of oil breakthrough occurrence, i.e., the time at which oil
production starts, is not predicted without considering the impact of the ionic adsorption, as shown in
Figure 3.9.

3.4.3.

Transport model with ionic adsorption

By including the adsorption effect in the model, the oil breakthrough time (i.e, PV b) is predicted with
higher accuracy. The adsorption equilibrium constant (𝐷 ) for potential determining ions are calculated
based on the described procedure in the previous section; therefore, it is not an adjustable parameter.
The obtained results show that the model that considers the wettability alteration due to the adsorption
of Mg+2 and SO42- gives the best estimation of the oil breakthrough time in the tertiary mode for core L1
and SF#20, respectively (see Figure 3.9).
In Figure 3.9, to show the effect of adsorption on the quality of history matching, the tertiary mode water
flooding is initially matched without consideration of the adsorption effect (dashed green line). Then,
we keep all the obtained relative permeability parameters and only include the impact of single ion
adsorption in the model, i.e., no further history matching. The excellent match obtained by only
including the adsorption equilibrium constant (which is not an adjustable parameter and is calculated
using a thermodynamic equilibrium model) in the model shows the importance of including the rockbrine interactions in the MSW flooding models.

(a)

(b)

Figure 3.9 History matched oil recovery curve in tertiary mode with PDI's adsorption effect in (a) core
L1 and (b) core SF#20.
In Figure 3.10, Corey's relative permeability parameters for the best result obtained in Figure 3.9 (i.e.
Mg2+ and SO4-2 adsorption for core L1 and SF#20, respectively) are re-optimized and compared with
the results of no adsorption history matching. This extra history matching step improves the results only
marginally. This means that the conventional history matching procedure gives an acceptable estimation
of the relative permeability parameters. However, the predictive nature of the model can be enhanced
by including the adsorption coefficients, which can be obtained separately in the lab or by means of a
suitable surface complexation model.
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(a)

(b)

Figure 3.10 Analysing the effect of Corey’s parameter optimization including the effect of single ion
adsorption in improvement of history matching quality in (a) core L1 and (b) core SF#20. Comparisons
are among the results for no adsorption effect, and single ion adsorption effect with and without
optimization of Corey's parameter
Several studies proposed mathematical models to simulate the behaviour of MSW forced flooding in
carbonate cores [147,226,238–246]. Usually, the wetting status of the core is changed between the oilwet and water-wet by defining a wettability modifier coefficient. In this study, the geochemical
interactions of PDI with rock surface is considered as the wettability modifier indicator. Sanaei et al.
[245] and Korrani et al. [243] developed reactive transport models and simulated the performance of a
core flooding test. While their models predicted the trend of oil recovery curve during the tertiary mode
(see Figure 15 in reference [245] and Figure 4 in reference [243]) the onset of oil breakthrough during
the tertiary mode was not captured correctly.

3.4.4.

Wettability modification

The oil and water relative permeability's for formation water (FW), seawater (SW), and seawater
containing extra sulphate (i.e., seawater 4xSO4-2) are shown in Figure 3.13. The relative permeability
curves show that as the salinity and composition of injecting water are reduced/modified, the wetting
tendency of the rock shifts towards a more water-wet condition. This means that the water relative
permeability of the low salinity brine is reduced compared to the high salinity water relative
permeability. Also, the oil relative permeability curve for low salinity brine is higher compared to the
high salinity. This provides higher mobility for oil which accelerates the oil recovery. Moreover, the
residual oil saturation is reduced in the presence of the modified salinity water. These are in accordance
with the findings of Al-shalabi et al. [240], Qiao et al. [247], and Awolayo [238].
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(a)

(b)

Figure 3.11 Oil and water relative permeability curves for (a) core L1 and (b) core SF#20

3.4.5.

Overall behaviour

Similar analyses are performed on different core flooding tests and the results are shown in the
supplementary material. Figure 3.12 compares the experimental PVb with the estimated PVb obtained
from our model (with and without adsorption effect). It can be observed that the model with no
adsorption systematically underestimates PVb by a considerable margin of 0.1 to 0.6 pore volumes.
However, including the adsorption effect improved the accuracy of estimating PV b. While Mg2+ and
SO4-2 overestimate or underestimate by 0.09 to 0.41 and 0.04 to 0.24 pore volume, the model with Ca2+
adsorption/desorption gives almost similar results as the experimental data. In the majority of the tests,
consideration of Ca2+ adsorption/desorption (shown in red markers in Figure 3.12) matches the oil
recovery curves better and estimates the observed delay with higher accuracy compared to wettability
change due to adsorption of sulphate. Explaining the observation that adsorption of Ca2+ ion in most
cases (and not in all of them) explains the systematically observed delay in the production of oil (in core
flooding) will certainly need more in-depth investigation. However, there are some experimental
evidence -even though not conclusive- for the role of divalent potential determining ions, Ca2+ and Mg2+,
in increasing the recovery of oil in this context [17,39,40,45,48,239,248]. It was shown that SO42behaves as a surface-active agent that reduces the carbonate surface charge [39,47,49,249]. This
facilitates the detachment of negatively charged oil polar groups leading to the modification of carbonate
wettability towards a more water-wet condition. Also, it has been observed that the depletion of NaCl
from brine can enhance the symbiotic impact of SO42- [97,98]. The analysis of obtained results for core
SF20 showed higher SO42- adsorption and slightly better estimation of PVb compared to the adsorption
of Ca2+ and Mg2+. Zhang et al. [41] by zeta potential experimental evidence showed that Mg2+ similar
to Ca2+ increases the positive charge distribution of carbonate rock surface. Also, their chromatographic
tests revealed that at different temperatures Ca2+ can be substituted by Mg2+ on the chalk surface. It was
proposed that at high temperature, Mg2+ becomes active and less hydrated and displaces Ca2+ bound
from the surface. The obtained results in our work agree with this observation. For instance, Ca 2+ and
Mg2+ adsorption provided the most accurate PVb estimation for core D1, D2, L1 and L3. A similar
observation for strong Ca2+ adsorption at low temperature (below 100℃) were found in the work of
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Awolayo [87]. Finally, the first and second core flooding were matched better by consideration of Ca2+
and SO42- adsorption on the rock surface. For the tertiary mode, SO42- adsorption provided the best match
while for the post-tertiary mode Ca2+ adsorption gave better results than other PDIs. The main conclusion
from the performed studies is that none of the PDIs could act alone in the modification of rock surface
wetting tendency towards a more water-wet condition. Deducing the actual mechanism of MSW
flooding, however, requires further experimental and theoretical investigations.

Figure 3.12 Estimated PVb using our history matched model with and without adsorption of PDIs versus
experimental PVb for 9 core flooding tests. The difference between the values with and without
adsorption shows the delay due to adsorption.
The accuracy of the model is tested by calculation of the error between experimental and estimated PVb
with\out PDI interaction with carbonate rocks. Table 3.2 shows that without considering the impact of
ionic adsorption, the model’s oil breakthrough time prediction in tertiary mode is not accurate enough.
However, as the ionic interaction was included for history matching of the core flooding tests, the
accuracy of the oil breakthrough time estimation was improved by an order of magnitude. Also, the
performance of the model accuracy in the improvement of history matching quality before and after
including the ionic interaction with rock surface is shown in Table 3.2. For this part, the average error
between the experimental data points and estimated recovery and pressure drop curves were calculated.
Since almost all of the core flooding tests started with the injection of formation water, it is a reasonable
assumption that the ionic interaction between the brine and rock can be ignored. Therefore, the error
between the actual core flooding data and the results of the model during secondary mode were found
without consideration of ionic interaction. However, during the tertiary mode, including the ionic
adsorption improved considerably the quality of tertiary mode history match.
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Table 3.2 Calculation of error between the experimental and estimated PVb.
Exp.
Core ID

PVb Error %

Model PVb

PVb

NO

[-]

Ads.

D1

1.08

D2

1.78

L1

NO

NO

Mg+2

SO4-2

Error(%)

1.46

6.02

16.66

2.2

26.08

3.93

12.92

17.42

9.7

9.55

28.55

12.61

1.59

15.58

1.8

6.27

-

32.38

7.31

1.07

3.3

0.7427

19.46

6.09

6.89

0.38

5.6

1.0203

29.35

6.26

6.58

2.38

8.5

1.071

1.23

41.21

0.73

5.89

8.08

5.4

1.1033

0.9689

1.051

23.64

11.44

2.13

6.16

1.5

1.203

1.16

1.311

33.45

1.09

2.52

10.17

5.2

Mg+2

SO4-2

0.833

1.0958

1.015

0.9001

22.87

1.139

1.71

1.55

1.47

36.01

0.765

0.5466

0.8615

0.7772

0.6458

L3

0.6986

0.4724

0.7497

0.7061

SF#20

0.7455

0.6004

0.7001

0.6941

0.9966

0.7041

1.059

0.931

1.138

0.669

1.1463

0.99

0.756

1.19

0.792

Second

Tertiary Total Error (%)

mode

Ca+2

First

Secondary

Ads.

Ca+2

Mg+2

SO4-2

5.96

8.65

10.01

0.463

0.956

1.32

0.125

0.085

0.203

5.35

0.684

0.361

16.99

1.78

1.56

1.34

3.79

0.116

0.145

0.138

2.458

0.041

0.037

0.123

Ads.

Ca+2

One valuable advantage of using the current model is that with almost no extra computational cost, a
simple two-phase flow model can be converted to a compositional model capable of dealing with the
adsorption of ionic species on the surface of the rock and also better predict the timing and the extent of
the oil recovery. This can be very easily implemented in a commercial simulator, e.g., Eclipse (using its
polymer flooding model or tracer model). The analytical solution that we have shown here can serve as
a benchmark for testing such numerical tools. We have talked about a fully compositional model -that
includes all the crude oil-brine-rock interactions elsewhere [148].

Recommendations for further core flooding tests
To estimate the performance of MSW in carbonate cores, it is essential to have enough data points in oil
recovery and pressure drop curves. For instance, the following core flooding test is performed in chalk
core [60]; however, due to the lack of experimental points in oil recovery curves close to the oil
breakthrough in the tertiary water flooding (between injecting pore volumes of 6.2 to 7.0 in Figure 3.13),
it is not possible to estimate the PVb accurately. Therefore, it is highly recommended to have a higher
temporal resolution on the oil recovery curves especially close to the water breakthrough time.

Figure 3.13 The lack of experimental data for the oil recovery curve
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Conclusions
We proposed a workflow by combing the mathematical models for the two-phase flow of oil-water, the
flow of a single component in the aqueous phase with adsorption on the rock, and a tuned surface
complexation model that accurately predicts the adsorption of ions on the carbonate surface, and solving
the model analytically for better prediction of the onset of oil production in tertiary mode subjected to
MSW flooding. We simulate and analyse several modified salinity water flooding experiments in
carbonate reservoirs. The key findings of this study are as follows:
We observed that the oil production (or oil breakthrough, PV b) starts after the injection of 0.5
to 1.0 pore volume of modified salinity water for a core that is already flooded with the
formation water.
The two-phase flow model with the wettability alteration due to the lower ionic strength of the
injected fluid fits reasonably to the recovery and pressure drop history; however, it falls short
in predicting the oil breakthrough time PVb. Our proposed model that includes the wettability
alteration of the surface due to the adsorption of the potential determining ions, viz., Ca2+, Mg2+,
and SO42- fits very well to the breakthrough time of oil in tertiary modified salinity water
flooding.
The adsorption coefficient of the potential determining ions does not need to be a fitting
parameter in our approach. We showed that the values can be calculated from a tuned surface
complexation model, with an excellent match to experimental core flooding data.
Among the potential determining ions, we observed that the wettability alteration due to the
adsorption of Ca2+ gives the best fit to the measured oil breakthrough time.
The relative permeability parameters that are obtained by fitting a simple two-phase flow model
to the core flooding data, combined with an adsorption coefficient that is calculated by means
of a surface complexation model are sufficient as input parameters to the more complicated
models that couple the adsorption and two-phase flow, with an excellent match to the oil
recovery and pressure drop history. This considerably simplifies the history matching procedure
for the modified salinity water flooding tests.
We report several sets of relative permeability curves and adsorption coefficients for different brinecrude oil-carbonate systems. Our analysis is one extra step towards understanding the main mechanisms
of modified salinity water flooding in carbonates. Our hypothesis, i.e., mobilization of oil by wettability
alteration due to the adsorption of potential determining ions, although experimentally observed in
several experiments in chalk, still needs to be further investigated experimentally and theoretically.
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Time-dependent wettability change in carbonate
controlled by ionic adsorption and diffusion
__________________________________________________________________________________
For3an effective improved oil recovery process through the injection of modified-salinity water, it must
reach, interact, and mobilize the residual oil attached on the rock surface through a thin water film.
This can cause a delay in the rock response to the injection of MSW, as observed in many core flooding
tests. The physicochemical processes that control this response time occur in two different scales, i.e.,
the alteration of wettability at the film scale mobilizes oil that flows in Darcy scale. We propose a new
model that links the diffusion- and adsorption controlled flow of ions in the thin film to the two-phase
flow of oil and water in the Darcy scale through a wettability-modifier parameter. This parameter is
defined based on the salinity change in the water film or the ad/desorption of ions on the water-filmcovered rock and is used as an interpolating parameter for two sets of relative permeability curves for
the initial state and the new state of the reservoir. We utilize the model to analyse several core flooding
results first to explain this observed oil breakthrough delay and secondly find out how much of this delay
is expected to happen in the reservoir scale. Our results suggest that sizes of residual oil droplets and
the effective ionic diffusion in the thin water film, dictated by the electrostatic charge of the oil-brine
and rock-brine interfaces, play significant roles in controlling the oil breakthrough time. Further, our
observations suggest that the observed delay is strongly controlled by a rather slow diffusion process in
the water film, which is not scalable from the core- to field-scale.

This chapter is based on manuscript “ Time-dependent wettability change in carbonate controlled by
ionic adsorption and diffusion”, submitted
3
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Introduction
Modified salinity water (MSW) flooding in carbonate rocks [18–20] is one of the Enhanced Oil
Recovery (EOR) methods that is not yet fully understood [58]. This stems from the lack of thorough
understanding of physicochemical interactions of carbonate-brine-crude oil occurring at different scales.
Many experimental studies are performed to identify the underlying mechanisms responsible for the
improvement of oil recovery by MSW flooding [e.g. 5–9]. Atomic force microscopy [128,185,251,252],
contact angle [109,172,188,253], imbibition [102,249,254,255], and core flooding [48,244,256,257]
measurements have been employed to investigate the impact of MSW flooding in carbonate from
molecular- to core-scale. Also, Single-well-chemical tracer test [8] and a few field studies
[8,197,198,258,259] were performed to evaluate the impact of MSW at larger scales. Several studies
summarized the influencing parameters on the performance of MSW flooding in carbonates
[17,52,53,57,59,87,260]. Parallel to the experimental investigations, analytical and numerical modelling
studies have been developed and conducted to provide predictive tools for estimation of MSW flooding
response for both core and field scales [20,22,38–50]. The success of these models in the prediction of
MSW flooding behaviour in carbonate fields depends on correctly capturing the underlying
mechanisms. Many physicochemical mechanisms such as anhydrite dissolution and precipitation [60],
surface charge modification [46,61,62], double-layer expansion [63,64], and calcite dissolution [65,66],
microemulsion formations [67], and viscoelasticity improvement at the oil-brine interface [68] were
proposed. There seems to be an agreement that MSW changes the wettability of carbonates from oilwet to water-wet condition [7,48,72,86,210,257,263]. However, this wettability modification is
considered an effect rather than a cause. There is still an undergoing debate on the extent of the proposed
mechanisms in terms of length and time scale [264]. The majority of the explanations of possible
underlying mechanisms are supported by the performance of experiments at the core scale. Still, the
timing (i.e. kinetics of proposed mechanism) and the scalability of the observed responses from core
scale to field scale are not discussed, comprehensively.
Many experimental pieces of evidence show that wettability change in carbonate rocks is a timedependent process. For instance, Mahani et al. [20] through contact angle measurement of oil droplets
deposited on artificial limestone and dolomite surface observed that the contact angle decreased by ca.
5-17° over 40 hours after switching the formation water to seawater. 25 times dilution of seawater did
not show any impacts on the wetting tendency of dolomite patches while the contact angle for limestone
changed in the order of 5-17° over 100 hours. In another study [76] with a similar procedure, Mahani et
al. observed that kinetics of oil detachment from the fabricated clay patches during the exposure to low
salinity brine was slower than the expected time for a process that is controlled by molecular diffusion.
Chen et al. [77] monitored the dynamic and static contact angle of an oil droplet surrounded by MSW
on a fully aged calcite surface. It was reported that in less than 15 minutes, there was a rapid but slight
increase in water wetness of the calcite surface that they attributed to the rapid increase in the
electrostatic double-layer repulsion. However, after more than 12 hours, a dramatic increase in water
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wetness tendency of the rock was observed due to the dissolution of the calcite surface. McMillan et al.
[78] reported an additional oil recovery of 7.6% in a core flooding test after two weeks cessation in the
injection of MSW. Taheriotaghsara et al. [262] through material balance analysis of 26 core flooding
tests performed in chalk, dolomite, limestone, and carbonate reservoir cores found that the oil
breakthrough in tertiary mode core flooding tests takes place with a delay, i.e., later than the time at
which the injected MSW breaks through. They attributed the observed delay in oil breakthrough time to
the chemical activity of rock and adsorption of potential determining ion (PDI) on the rock surface. The
reviewed studies suggest that different mechanisms are acting simultaneously at different scales and the
extent of carbonate wettability alteration depends on the kinetics of the underlying mechanisms. Our
primary motivation here is to mathematically model the time-dependent diffusion-controlled wettability
alteration in the MSW flooding tests and gauge whether or not the required time for wettability
modification at the core scale is scalable to the filed scale.

Problem description
During the secondary mode water flooding in carbonates cores, formation water is often used as the
injection fluid, which serves as a base case for comparison with other fluids injection. Injection of
formation water makes sense from a mechanistic point of view since eventually, the injected MSW
water replaces the formation water, which in turn replaces oil and forms an oil bank. The residual oil
saturation after secondary mode water flooding may vary between 15% to 40% [2]. The remaining oil
adheres to the rock surface and/or is trapped in dead-end pores. Next, different modified brine is injected
to examine the improvement of oil recovery. As a result, the additional volume of oil may be produced
depending on the salinity level and ionic composition of intrinsic and injecting brine in the porous
medium [39,40,42,45,48–50,86], initial rock wetting preference [31,33,34,265], chemical activity of
rock surface [32,34,48,63,266], thermodynamic conditions of the core flooding experiment
[39,40,42,50], and physicochemical properties of oil-rock-brine (ORB) system [106,267–270], among
others. The effectiveness of MSW flooding in reducing the adhesion force between oil and rock surface
and possible improvement of oil recovery depends on the alteration of physicochemical equilibrium at
sub-pore scale [76,77,271,272]. Figure 4.1 illustrates different scales relevant to MSW flooding. At the
pore scale, a trapped oil droplet adhered to the rock through a thin formation water film can be mobilised
by alteration of the equilibrium condition at the rock-water-oil interface. This can happen by the
diffusion of ions inside the water film to/from the injected MSW that has reached the entrance of the
pore neck (Figure 4.1c and 4.1d). Several studies have demonstrated that the diffusion of ions into the
thin water film is slower than pure Fickian diffusion process [76,77,271–273]. This is because the
mobility of ions, i.e., charged species, in the thin water film is strongly affected by the electrically
charged interfaces of oil-brine and rock-brine (Figure 4.1d) that creates an electric field. The mobility
of ions with opposite charge compared to the charge at interfaces is considerably reduced due to the
presence of repulsive electrostatic forces [274]. The ionic interactions with rock and oil surfaces depend
on the electrochemical condition of ORB system. The effective diffusive transport of some ions from/to
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the thin film, as shown by Nernst-Planck equation [275] is proportional to the gradient of ionic strength
across the thin water film and the strength of electrical charges at the interfaces. The combination of the
mentioned phenomena will change the physicochemical condition at the thin water film zone with time.
These interactions, under favourable circumstances, may lead to the appearance of a thick and stable
water film and the expansion of the double layer between the two interfaces and eventually modification
of rock wetting tendency from oil-wet to intermediate or water-wet state (Figure 4.1e). In this article,
utilising a coupled model for the Darcy scale and water film scale, we aim to evaluate the contribution
of different mechanisms on the timing of the observed improved recovery in the core flooding
experiments.
The paper is organised as follows. First, the proposed coupled model and the governing equations,
including the setup of the numerical experiments are described. Next, the model is applied for three core
flooding experiments undergone MSW injection. The factors controlling the observed delay for the
improved oil recovery at the core scale are then identified and discussed.

Figure 4.1 Schematics of (a) a porous carbonate reservoir during water flooding; (b) representative
elementary volume (REV) at the Darcy scale (Ω); (c) a trapped oil droplet adhered to the rock through
a thin layer of stagnant formation water film after secondary mode water flooding; (d) diffusive mass
transfer into the thin water film Ω

under the control of ionic strength and surface charges gradient.

Figure 1b has a characteristics length of (L) (bigger scale) while trapped oil has the characteristic length
of (l) (smaller scale). FW: formation of water.
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Methodology
Here, we define two domains for the Darcy and thin water film scales. At Darcy scale with a
characteristic length of 𝐿[m] (Figure 4.1b), the transportation of two phases (i.e., oil and water) and
ionic species are controlled by advection, diffusion, and reaction while at the thin water film with the
characteristic length equivalent to its length 𝑙 [m], the mass transfer of ionic species is controlled by
diffusion and reaction processes (Figure 4.1c and 4.1d). We assume that the surface area of the rock that
is not covered by oil (and thin water film) is immediately accessible to the injected water and the
adsorption/desorption of PDIs occurs immediately (equilibrium assumption). The area covered by the
thin water film, however, is not immediately accessible and the ions first need to diffuse through the
film. As soon as the targeted PDI adsorbs on the surface of the rock, it changes the wettability of that
section and releases the oil phase that is adhered to the rock. This is reflected in the two-phase flow
equation at the Darcy scale as described in detail below.

4.3.1.

Darcy scale

We consider a one-dimensional porous medium, for 𝛺, in which the rock is considered to be
homogeneous with absolute permeability of 𝑘 [m2], porosity 𝜑 [-], characteristic length of 𝐿 [m], crosssection area 𝐴 [m2] and initial water saturation 𝑆

[-]. Equations (4.1) to (4.4) describe the transport of

two-phase flow in the homogeneous, isotropic, isothermal medium 𝛺. The fluids are considered to be
incompressible, and dispersion of phases and ion species, gravity, and capillary effects are ignored. It is
assumed that saturation of the phases is initially distributed uniformly along the length of 𝛺, and
continuous injection of a fluid with constant composition starts at time zero.
𝜕 (𝜌 𝜑𝑆 ) + 𝛻. (𝜌 𝑢 ) − 𝑞 = 0 (𝑥 ∈ 𝛺)
𝑢 =

−𝑘𝑘
𝜇

𝛻𝑝 (𝑥 ∈ 𝛺 )
𝑆 =1

(4.1)
(4.2)
(4.3)

𝜕 (𝐶 𝑆 𝜑) + 𝛻. (𝑢 𝐶 ) + 𝜕 𝛤 𝑎 𝜌 (1 − 𝜑) = 0 (𝑥 ∈ 𝛺)

(4.4)

1
1
𝛽
=
+
𝛤 𝑘,𝐶 𝑘,

(4.5)

where the subscript 𝛼 denotes oil and water phases, 𝜌 [kg⁄m ] denotes fluids density, 𝑆 [-] denotes
the saturation, 𝑘 [-] denotes relative permeability, 𝛻𝑝 [Pa] denotes the gradient of pressure, 𝜇 [Pa. s]
denotes the viscosity, 𝑢 [m⁄s] denotes the velocity of phase 𝛼, 𝑞 [m ⁄s] denotes fluid injection rate,
𝐶 [mol⁄m ] denotes the concentration of species 𝑖, and 𝜌 [kg⁄m ] denotes grain density. 𝛤 [mol⁄m ]
denotes the surface concentration of species 𝑖 and 𝑎 [m ⁄kg] denotes the specific surface area of the
rock. 𝑘

,

[m] and 𝛽 [m ⁄mol] denote the Langmuir isotherm’s constants that can be obtained

experimentally or through the application of a surface complexation model. The summation of all
phase’s saturation is equal to unity. The transition of pressure, saturation and concentration in 𝛺 are a
function of time and space (i.e. 𝑥, 𝑡), and we employ the initial and boundary conditions for the specified
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variables shown through Equation (4.6) to (4.8) to solve Equation (4.1) to (4.4), numerically. Equation
(4.6) and (4.7) show the left and right-hand side boundary conditions and Equation (4.8) is the employed
initial condition for the variables 𝑝, 𝑆 , 𝐶 in 𝛺. 𝑝 [Pa] denotes the initial pore pressure.
𝑆

(𝑥 = 0, 𝑡 > 0, 𝑥 ∈ 𝛺)

= 1, 𝐶 = 𝐶

𝛻𝑝 = 0, 𝛻𝑆 = 0, 𝛻𝐶 = 0 (𝑥 = 𝐿, 𝑡 > 0, 𝑥 ∈ 𝛺)
(∀𝑥 ∈ 𝛺, 𝑡 = 0)

𝑝 = 𝑝 ,𝑆 = 𝑆 ,𝐶 = 𝐶

4.3.2.

(4.6)
(4.7)
(4.8)

Thin water film

Figure 4.1c shows the schematic of REV for a trapped oil surrounded with a thin layer of the stagnant
formation water film, 𝛺 . The wettability modification of rock is assumed to take place when the
equilibrium at 𝛺 is disturbed. The transported ionic species can change the initial equilibrium condition
at 𝛺 through diffusion and reaction. Equation (4.9) describes the reactive transportation of ion 𝑖 at 𝛺 .
𝜕 𝐶 +𝜕 𝐶 𝜌

− 𝛻. (𝐷 𝛻𝐶 ) = 0 (𝑥 ∈ 𝛺 )

(4.9)

where 𝐶 [mol⁄kg] denotes the amount of species 𝑖 that is adsorbed on the rock surface at 𝛺 , and
𝐷 [m ⁄s] denotes the effective diffusivity of species 𝑖 at the thin water film. Appelo et al. [276] reported
the ionic diffusion coefficient of PDI in “free” water at 25 ℃. The diffusion coefficients of the ions are
corrected for the condition of the experiment using Equation (4.10) [277].
𝑇 𝜇
298 𝜇

𝐷 = (𝐷 )
where (𝐷 )

[m /s] and 𝜇

(4.10)

[Pa. s] denote the diffusion coefficient of component 𝑖 and viscosity of

water at 298 [K], respectively. 𝑇[K] and 𝜇 [Pa. s] denote the temperature and viscosity of water at the
experiment condition, respectively. However, due to several reasons, the ionic diffusion coefficient at
𝛺 is lower than the ionic diffusion in free water. For instance, as the concentration of ions increases the
ionic diffusion coefficient decreases [278]. Also, numerous studies showed that the diffusion of ions
into 𝛺 is slower than pure Fickian diffusion process [76,77,271–273]. The ions mobility at 𝛺 are
highly reduced by the presence of electrical charges at oil-brine and rock-brine interfaces (Figure 4.1d).
The ions with opposite charge are adsorbed at interfaces that results in lower ionic diffusion coefficient
due to the ionic interaction with oil-brine and rock-brine interfaces [274]. The number of studies both
in sandstone and carbonate rocks focusing on the determination of effective diffusion coefficient of PDIs
at 𝛺 are very limited. Figure 4.1d shows the schematics of ionic diffusion and adsorption leading to
the wettability modification of the rock surface. The employed boundary and initial condition for species
mass transfer at 𝛺 are shown in Equation (4.11) and (4.12).
𝐶 𝑥 = 0, 𝑥 ∈ 𝛺
𝐶 =𝐶

= 𝐶 (𝑥 ∈ 𝛺)

∀𝑥 ∈ 𝛺 , 𝑡 = 0
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4.3.3.

Coupling between 𝜴𝒇 and 𝜴:

We assume that the wettability modification at 𝛺 is due to variation of potential determining ions (PDI)
concentration and/or salinity reduction of the stagnant thin water film. To include the influence of
wettability change at 𝛺 and its contribution to the extra oil production during MSW injection, the
transportation of oil and brine phases at 𝛺 are made as a function of released oil volume in 𝛺 through
defining a dimensionless wettability modifier indicator, 𝛷:
𝛷=

∆𝑉 ∆𝑙
≈ , ∆𝑙 = 𝑥 for 𝜔 > 0.95
𝑉
𝑙

(4.13)

where 𝑉 [m ] is the initial volume of the trapped oil and ∆𝑉[m ] is the variation of trapped oil volume
(see Figure 4.2). The value of 𝛷[-] varies between zero and one. The oil volume change in a pore is
roughly proportional to the change in the characteristic length of trapped oil. Zero fraction is equivalent
to no wettability modification while a unity fraction is equivalent to 100% wettability change toward
water-wet condition. For simplicity, the characteristic length of thin water film is kept constant;
however, one could find a function for variation of thin water film length as a function of water
saturation. Note that the trapped oil in pores open at one end with the length of 𝑙 is considered equivalent
to that in the pores that are open at two ends with the length of 2𝑙. The wettability at 𝛺 can change
either by adsorption of PDI on the rock surface or by reducing the salinity of stagnant formation water.
To model the wettability change as a consequence of ionic adsorption, the parameter 𝜔 is defined by
Equation (4.14) that is made a function of relative ionic surface coverage at 𝛺 . The threshold value for
the surface coverage is set equal to 95%. This means when the adsorbed ions cover 95% of the available
surface sites, the wettability of the corresponding area is changed from oil-wet to water-wet condition
using Equation (4.14).

𝜔 =

Γ 𝐶

−Γ 𝐶

Γ 𝐶

(4.14)

−Γ 𝐶

However, if the wettability change is only due to the salinity reduction of stagnant formation water (i.e.
low salinity water flooding) and no ionic adsorption takes place, the parameter 𝜔 is determined by using
𝜔 = (𝐶 − 𝐶

)/(𝐶

−𝐶

). The parameter 𝛷 is severed as an interpolation coefficient between

the oil-wet (𝑜𝑤) and water-wet (𝑤𝑤) relative permeability curves and saturation of different phases
shown in Equation (4.15).
𝑘

= (1 − 𝛷)𝑘

+ 𝛷𝑘
(4.15)

𝑆

= (1 − 𝛷)𝑆
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(a)

(b)

Figure 4.2 Schematic of PDI diffusion at thin water film leading to wettability alteration of rock surface.
As the PDI invades into the thin water film, (a) the trapped oil is detached, and snapped-off from the
bulk of oil and (b) the space of released oil droplet is filled with MSW. The black dashed line shows the
boundary of the initial volume of oil droplet being trapped at a dead-end pore surrounded with formation
water (blue colour). 𝐿 and 𝐿 are the initial and modified length of trapped oil before and after the
release of the oil droplet, respectively. ∆𝐿 is length of the dead end pore that is filled with MSW.
For each cell at the Darcy scale (domain 𝛺), we consider a dead-end pore with an average length of
𝑙 [m] (domain 𝛺 ) that is a representative of all the pores with trapped oil in the corresponding Darcy
scale cell. The profile of ion propagation at 𝛺 is determined through the allocation of 20 cells (see
Figure 4.3). Figure 4.4 shows the solution procedure for the transport equation for 𝛺 and 𝛺 .

Figure 4.3 A schematic of the Darcy (𝛺) and pore (𝛺 ) scale domains and the finite volume
discretization

4.3.4.

The parameter estimation procedure for water flooding experiments

We use Brook-Corey’s relative permeability models for the transport of oil and brine phases in a porous
medium, and obtain their parameters by fitting a two-phase flow model to the core flooding data. The
petrophysical properties (e.g., the core length, diameter, porosity, permeability), flooding conditions
(e.g., rate of injection, initial water saturation, number of injected pore volume during secondary and
tertiary mode), fluid properties (e.g., oil and brine viscosity) and the profile of oil recovery and pressure
difference of the selected core flooding tests are extracted from the corresponding papers. Then, the
unknown Brook-Corey’s parameters, i.e. oil and water end-point relative permeability, 𝑘

and 𝑘

,

Corey's exponent for oil and water, 𝑛 and 𝑛 , connate water saturation (𝑆 ), and residual oil saturation
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(𝑆 ) are adjusted using the open-source optimization package NLopt [235]. For fitting the calculated
oil recovery (𝑅

) and pressure difference (Δ𝑃

) to the experimental data, the following

objective function, 𝑂𝐹, is minimized by adjusting the Brook-Corey’s parameters subject to the
constraints shown in Equation (4.16).

𝑂𝐹 =

𝑅
0<𝑘

−𝑅

+ Δ𝑃

< 1, 1 < 𝑛 < 4, 𝑆

− Δ𝑃

(4.16)

≤𝑆

In this study, DIRECT-L algorithm is employed as the optimization method. The criterion for the quality
of history matching during secondary and tertiary mode is the minimized value for the calculated error
and the visual comparison between the model results and the actual data. Note that the experimental
recovery and pressure drop curves versus pore volume of injecting water are digitized, using the webbased tool "WebPlotDigitizer".

Figure 4.4 Calculation procedure for the proposed numerical model. IC and BC stand for the initial and
boundary conditions, respectively. SCM: surface complexation model

4.3.5.

Numerical solution

Equation (4.1) to (4.4) are discretized with a cell-centred finite volume method. The upwind scheme is
implemented for the advection term in the two-phase flow equation, and a Total Variation Diminishing
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(TVD) scheme is used for the advection term in the species transport in the aqueous phase. The
numerical solution of a simplified version of the model (with instantaneous equilibrium assumption in
the film and a linear Langmuir adsorption isotherm) is compared with its analytical solution [262] to
validate our simulator. The model is first initialized by setting the initial pressure, saturation and ion
concentration for all the cells for 𝛺 and 𝛺 . First, Equation (4.1) to (4.3) are solved using an implicit
scheme for the primary variables p and Sw. Then Equation (4.4) is solved for the ionic concentration in
the aqueous phase. The new concentration in each finite volume cell serves as the value of the
concentration boundary condition for the diffusion equation in 𝛺 . The relative permeabilities in each
cell in 𝛺 are adjusted according to the diffusion of ions into/from the water film. The maximum allowed
time step in 𝛺, ∆𝑡[𝑠], is equal to 10% of the required travelling time of injecting water in each cell. The
accuracy of the numerical model in predicting the profile of pressure and saturation is controlled by the
calculation of average relative error between two iterations. When the average relative error for pressure
or saturation is higher than 1 × 10

after 20 iterations, the time step is reduced by a factor of 20. The

selected sets of input data for the fluid, petrophysical, and flooding parameters are listed in Tables 1 and
2 (core ID is “M”). Figure 4.5a shows the comparison of oil recovery and pressure drop curves obtained
from the analytical and numerical models with different cell sizes. Selecting 50 cells for 𝛺 and 20 cells
for 𝛺 (i.e. blue line) resulted in an overestimation of the oil breakthrough time. However, with a similar
number of cells for 𝛺 , as the number of cells for 𝛺 increases to 800 cells, the numerical solution
converges to the analytical solution. Figure 4.5b shows the discretization error values for 𝛺. The
accuracy of the numerical model is investigated based on the deviation of the calculated final oil
recovery and oil breakthrough time (OBT) in tertiary water flooding from those obtained from the
analytical solution. Based on this analysis, the rest of the calculations are performed using 200 cells for
the 𝛺 and 20 cells for the 𝛺 domains.

(a)

(b)

Figure 4.5 comparing the analytical and numerical results for oil recovery and pressure drop curves (a).
Accuracy of the numerical model as a function of the employed number of cells (N) (b). The relative
error for oil recovery (𝐸 ) and oil breakthrough time (𝐸

) as a function of cell size (ℎ = 𝐿⁄𝑁) are

obtained through comparing the results of the analytical and numerical model. 𝐿 is equal to 0.1 [m] and
𝑁 is the number of employed cells. The ionic adsorption and diffusion are ignored.
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4.3.6.

Selected core flooding tests

To demonstrate the capability of the proposed model in predicting the behaviour of MSW flooding in
various tests, the core flooding experiments performed by Nasralla et al. [74], RezaeiDoust et al. [75],
and Gupta et al. [12] are selected for further analyses. Tables 1 and 2 list the petrophysical and flooding
properties and ionic composition of injecting brine for the selected core flooding tests.

4.3.6.1.

Experiment of Nasralla et al. (2018)

Nasralla et al. [74] performed several unsteady state (USS) core flooding tests on reservoir limestone
core plugs to characterize the potential brine composition for full-field MSW injection. The core plugs,
after cleaning procedure, were flooded with formation water and then desaturated with crude oil using
centrifuge until reaching the initial water saturation. The prepared samples were kept under the
pressurized condition and 100℃ for 28 days before conducting the core flooding test. We use the results
of the core flooding test on sample RES-36B for further investigations. The flooding test started with
the injection of formation water (FW), followed by seawater (SW), three times diluted SW (3xdSW),
low salinity brine (LS1), and 25 times diluted SW (25xdSW). The produced oil and pressure difference
along the core length were monitored during each cycle of flooding. Oil recovery increased to 35%
through 9 pore volume (PV) of FW injection. During SW injection, the oil breakthrough occurred after
1.24 PV and recovery increased by 9%.

4.3.6.2.

Experiment of RezaeiDoust et al. (2011)

RezaeiDoust et al. [75] used several homogeneous outcrop sandstone core plugs to investigate the
impact of brine salinity reduction on the improvement of oil recovery. The cores were fully saturated
with FW (NaCl+CaCl2, 100000 ppm) and after the establishment of initial water saturation of 20%, the
cores were kept in contact with fresh crude oil in an ageing cell at 60℃ for 2 weeks. We use the results
of the core flooding test on sample B14 for further studies. The water flooding tests were performed at
40℃, and sequences of high salinity NaCl and low salinity NaCl solution were injected with the flooding
rate of 4 PV/day followed by a period of high flow rate (20 PV/day). The oil recovery during 4 PV of
high salinity brine injection reached 40%. During low salinity brine injection, the oil breakthrough
occurred after 0.94 PV and recovery increased by 7%.

4.3.6.3.

Experiment of Gupta et al. (2011)

Gupta et al. [12] studied the influence of changing the ionic composition of the injecting brine on the
improvement of oil recovery in limestone and dolomite cores. Here, we select the results of core flooding
tests on sample D2. The desired initial water saturation was established using the centrifuge method,
and then dead crude oil was injected into the cores. The ageing period of the prepared samples was
around 6 weeks. The sequences of core flooding test started with FW followed by SW injection while
the concentration of SO42- spiked by a factor of 4. During tertiary mode, the oil recovery for core D2
increased to 9%, and oil breakthrough occurred after 1.78 PV.
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Table 4.1 Petrophysical and flooding properties of the core flood
Flooding
properties
T
L
D
K
PV
Q
𝜑
𝑆
Core ID
Rock type
[mm] [mm]
[mD]
[cm3] [cm3/min] [℃]
[-]
[-]
M
100
38.1 0.45
1.5
0.15 51.3
0.24
70
RES_36B Limestone 50.09 38.1 0.190 10.00 0.10 10.82
0.025
70
B14
Sandstone
70
38.1
0.2
1000
0.2 15.87
0.044
40
D2
Dolomite 48.84 38.1 0.190 80.33 0.316 10.58
0.1
70
Petrophysical properties

Ref.
[74]
[75]
[12]

Table 4.2 ionic composition of formation water and seawater [mol⁄m ], and the diffusion coefficient
⁄10 ) [m ⁄s] at 25℃ [276]
of ions in water (𝐷
Flooding
sequence
1st: FW
2nd: SW
1st: FW
2nd: SW
1st: NaCl
2nd: NaCl
1st: FW
2nd:
SW
4xSO4

Core ID
M
RES_36B
B14
D2
𝐷
𝐷

at 25℃
at 70℃

Na

Mg

Ca

k

SO

Cl

HCO

3803.04
660.28
1810
17.1
2259.33
451.04

329.082
14.35
399.78
13.02

84.70
75.34
52.84
45.09

54.46
13.98
0.0
10.01

300
9000
4.35
39.88
272
9222

4672.37
770.88
3157.45
336.64

2.782
3.27
6.42
0.0

1.33
3.12

0.79
1.85

0.7
1.64

1.96
4.60

1.06
2.49

2.03
4.76

1.18
2.77

Ref.
[-]
[74]
[75]
[12]
[276]

Table 4.3 Obtained Brook-Corey’s relative parameters from history matching of core flooding tests.
The values of the viscosity are extracted from the corresponding literature. For core sample M, the
typical viscosity value for oil and water is used.
Fluid properties Corey’s relative permeability parameters
𝜇 [cp] 𝜇 [cp] 𝑘
𝑛
𝑛
𝑆𝑤
𝑆𝑜
𝑘
0.7
1.5
0.15 0.5
2.0
2.0
0.1
0.30
M
0.35
1.5
0.15 0.55 2.2
2.2
0.1
0.15
RES_36B 0.71
1.79
0.1
0.70 1.02 2.00 0.1
0.61
[74]
0.47
1.79
0.115 0.50 1.5
1.52 0.1
0.53
1
17
0.025 0.412 2.97 2.195 0.2
0.456
B14 [75]
1
17
0.025 0.651 1.03 2.272 0.2
0.403
0.655
2
0.199 0.811 1.5
3.454 0.316 0.265
D2 [12]
0.438
2
0.167 0.898 2.034 2.191 0.320 0.197
Core ID

Table 4.4 the Langmuir constants for PDI calculated from SCM
Ion
𝑘,
D2
𝛽
𝑘,
RES-36B
𝛽
Core ID

SO
1.04×10-7
0.175
1.57×10-7
0.203
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Ca
6.90×10-8
0.223
4.97 ×10-8
0.184

Mg
5.59×10-8
0.070
5.589×10-8
0.0816

Results

Results
In this section, we present the analysis of selected core flooding tests. The Brook-Corey’s parameters
are adjusted using an optimization algorithm, and the best history matching results during the secondary
and tertiary mode are obtained for each core flooding tests listed in Table 3. Usually, the performance
of the core flooding test is shown as a function of injecting pore volume. Here, using the injecting flow
rate, length and porosity of the selected core, and the number of injecting pore volumes, the equivalent
flooding time is determined. This enables us to directly quantify the required time for oil breakthrough
time in the core scale. The performance of core flooding tests is evaluated through including different
physicochemical phenomena into 1D two-phase flow equations. The base case scenario is made through
ignoring the ionic adsorption on the rock surface and assuming fast ionic diffusion into 𝛺 by setting
the value of Langmuir constants to zero and selecting a high ion diffusion coefficient (e.g., 1×105

[m /s]), respectively. For the first scenario, the transportation of the two phases is controlled only by

ionic adsorption, while the diffusion process is ignored. For the second scenario, the relative
permeability terms in the two-phase transport equations are defined as a function of ionic adsorption on
the rock surface and molecular ionic diffusion in the bulk of the solution. For the third scenario, the twophase transport equations are solved by considering the impact of the effective ion diffusion coefficient
in 𝛺 and ionic adsorption. Finally, for the fourth scenario, only the influence of effective ion diffusion
coefficient into 𝛺 is considered, and the ionic adsorption is ignored. Table 5 summarizes the definition
of all scenarios that are considered for analysing the core flooding tests.
Table 4.5 definition of different scenarios considered for analysing the selected core flooding tests
core ID
RES_36B
D2

B14

4.4.1.

Scenario
Base-case
1
2
3
4
Base-case
1
2

Adsorption control
not considered
considered
considered
considered
not considered
not considered
not considered
not considered

Diffusion control
not considered
not considered
considered with molecular diffusion coefficient
considered with effective ion diffusion
considered with effective ion diffusion
not considered
considered with ion bulk diffusion
considered with effective ion diffusion

Two-phase flow controlled by diffusion and adsorption in film

Figure 4.6a displays the history match of oil recovery and pressure difference curves for sample RES36B as a function of time. During secondary mode FW flooding, the ionic composition of injecting and
intrinsic brine is similar; therefore, the oil and brine phases inside the porous medium are transported
using viscous forces without affecting the chemical equilibrium condition. However, during tertiary
mode water flooding, the composition of injecting brine was changed from FW to SW. The ratio of ionic
concentrations for Ca2+, Mg2+, and SO42- in FW to SW are 23, 1.12, and 0.1, respectively. Initially, the
oil recovery and pressure difference during tertiary mode water flooding was history matched without
including the effect of ionic adsorption and diffusion at 𝛺 and 𝛺 (Base-case has shown in Figure 4.6b,
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with the red line). Although the final oil recovery was predicted with reasonable accuracy, the prediction
of OBT was not accurate enough. The experimental data shows that OBT occurs after 12.19 hr (i.e.
1.27 PV) during the tertiary mode; however, the OBT calculated by the base case scenario takes place
after 6.93 hr. The difference between the calculated and experimental OBT shows that the new oil bank
after injection of MSW into the core is produced with a delay of 5.26 hr. This delay for the onset of oil
production is attributed to the required time for the wettability modification of rock surface [262]. The
first scenario only includes the impact of two-phase flow advection and ionic adsorption in the porous
medium, and the diffusion limits in the water films are ignored. The Langmuir constants, 𝑘

,

and 𝛽 ,

for all PDIs are calculated using an in-house surface complexation model that is prescribed
comprehensively in reference [262]. The obtained values for the Langmuir constants are listed in Table
4. Figure 4.6b, 4.6c, and 4.6d (the blue line) show the influence of including the adsorption of individual
PDIs such as Ca2+, Mg2+, and SO42- in the prediction of oil recovery curve and OBT of the experimental
data. For the second scenario, the value of the diffusion coefficient is set equal to 1×10-5 [m /s]. The
high ionic diffusion coefficient results in a fast modification of ionic composition at 𝛺 and excludes
the diffusion time in the thin water film from the calculation of OBT. Including the ionic adsorption
improved the accuracy of OBT prediction (see Table 6); however, no considerable improvement in
predicting the trend of oil recovery curve was observed compared to the base-case scenario. For the
second scenario, the transport equation is solved under both adsorption and diffusion control. The
obtained results for the second scenario showed a marginal improvement compared with the first
scenario. This means that in the second scenario, the ionic composition at 𝛺 is equilibrated almost as
fast as the first scenario; since the only parameter that is different between these two scenarios is the
diffusion coefficient of PDIs, we can conclude that the molecular diffusion is not a limiting factor for
the change of wettability at the film scale.
For the third scenario, the PDI diffusion coefficient is reduced by two orders of magnitude compared
with the PDI diffusion coefficient in free water to account for the electrostatic forces that reduce the
ionic diffusive flux in the thin water film. The utilized values for the effective diffusion coefficient are
consistent with other studies [279,280]. The third scenario reasonably improved the quality of history
match in terms of predicting the trend of oil recovery curve and estimating the OBT for the considered
PDIs. Finally, for the fourth scenario, the effect of ionic adsorption was ignored for 𝛺 and 𝛺 and the
transport equation is only controlled by the effective diffusion. The estimation of OBT in the fourth
scenario for all PDIs was between the range of OBT obtained in the base case scenario and first scenario.
The fourth scenario was not successful in predicting the trend of experimental oil recovery curve in
carbonates. These analyses show that, for correct modelling of MSW in tertiary mode, the employment
of the ionic adsorption and diffusion phenomenon at 𝛺 and 𝛺 are necessary. Table 6 shows the
calculated relative error for OBT and oil recovery curves in various scenarios for the specified PDIs.
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(a)

(b)

(c)

(d)

Figure 4.6 (a) History matching results for oil recovery and pressure drop during secondary (FW
injection) and tertiary (SW injection) mode versus injection time for core RES-36B obtained by
including only advection term in two-phase flow equations to estimate relative permeability parameters.
The solid lines and circle points are the model result and experimental data [74], respectively. History
match of oil recovery curve during tertiary mode SW flooding by consideration of SO42-(b), Mg2+(c),
and Ca2+(d) adsorption and diffusion at 𝛺 and 𝛺 . The results of the base case and four scenarios are
shown by solid lines. The average film length is 200 μm. The vertical blue dashed line shows the
beginning of the tertiary mode MSW flooding.
Table 4.6 Calculated Relative error for estimation of OBT (a) and oil recovery curve (b) during tertiary
mode SW flooding performed on core RES-36B
ions
SO42Mg2+
Ca2+
SO42Mg2+
Ca2+

Base case
6.64
6.64
6.64
1.84
1.84
1.84

The relative error for estimation of OBT
Scenario-1
Scenario-2
Scenario-3
Scenario-4
1.56
1.83
0.04
5.85
4.95
4.81
0.04
5.7
4.77
4.71
0.04
5.71
Calculated Relative error for oil recovery curve
1.64
1.70
0.63
1.72
1.83
1.82
0.58
1.63
1.80
1.79
0.57
1.66

71

Chapter 4: Time-dependent wettability change in carbonate
A similar analysis on the core flooding data of sample D2 showed that the average length of thin water
film that can estimate both the response of final oil recovery and the onset of oil breakthrough time is
around 150 μm. The detailed analysis of core sample D2 is shown in Figure 4.7.

(a)

(b)

(c)
(d)
Figure 4.7 (a) History matching results for oil recovery and pressure drop during secondary (FW
injection) and tertiary (SW4xSO4 injection) mode versus injection time for core D2 obtained by
including only advection term in two-phase flow equations. The solid lines and circle points are the
model result and experimental data [12], respectively. History match of oil recovery curve during tertiary
mode SW flooding by consideration of SO42- (b), Mg2+ (c), and Ca2+ (d) adsorption and diffusion at 𝛺
and 𝛺 domains. The average film length is 150 μm.

4.4.2.

Two-phase flow controlled by ion diffusion in film

RezaeiDoust et al. [75] used high salinity NaCl (100000 ppm) during secondary mode water flooding,
and after 4 PV of water injection, they reduced the salinity of injecting NaCl brine to 1000 ppm. Other
potential determining ions were not added to the injecting brine. The ionic adsorption on the rock surface
can be ignored because it is usually (although not always) assumed that Na+ and Cl- ions do not adsorb
on the carbonate surface and thus the extra produced oil during tertiary mode is likely due to salinity
reduction. Therefore, the ionic diffusion process might have a significant role in the modification of
brine composition at 𝛺 . Since the concentration of NaCl at 𝛺 is much higher than the concentration
of injecting NaCl brine during the tertiary mode, the wettability of the thin water film zone can change
through ion diffusing from 𝛺 to 𝛺.
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Figure 4.8a illustrates the history match of oil recovery and pressure difference curves during the
secondary and tertiary mode. The optimized Brook-Corey’s parameters for this experiment are listed in
Table 3. Figure 4.8b shows the results of the detailed analysis for the oil recovery curve during tertiary
mode low salinity NaCl brine injection. The employment of Na diffusion coefficient equal to 1×10-5
and 3.12×10-9 m /s resulted in a similar trend for the calculated oil recovery curve that underestimates
the OBT (Scenarios 1 and 2). However, as the diffusion coefficient of Na is reduced by two orders of
magnitude, the OBT is estimated with better accuracy. The quality of history matching improved as the
length of a thin water film at 𝛺 is increased from 200 to 400 μm. This shows that both the ionic
diffusion coefficient and the length of thin water film have a considerable impact on the profile of oil
recovery curve during tertiary mode water flooding.

(a)

(b)

Figure 4.8 (a) History matching results for oil recovery and pressure drop during secondary (High
salinity NaCl) and tertiary (low salinity NaCl) mode versus injection time for core B14 obtained by
including only advection term in two-phase flow equations. The solid lines and circle points are the
model result and experimental data [75], respectively. (b) History match of oil recovery curve during
tertiary mode low salinity NaCl flooding considering 𝑁𝑎 diffusion from 𝛺 to 𝛺 .

Discussion
The results suggest that the proposed coupled model is capable of history matching the core flooding
data. Some general observations can be derived from the presented scenarios regarding the observed
delay for the improved oil recovery at the core scale and how it is scaled up to the field scale.

4.5.1.

Impact of film length and effective diffusion coefficient

The analysis of core flooding tests on sample RES-36B and B14 showed that the ionic interactions with
the rock surface, film length, and the value of ionic effective diffusion coefficient can influence the
required time for the wettability change at 𝛺 . All parameters associated with the adsorption process
(e.g. the Langmuir constants) are found from the surface complexation model and used directly in the
transport equations as non-fitting parameters. Also, the diffusion process parameters (e.g., ionic
effective diffusion coefficient and film length) are considered as physical parameters that their values
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can be measured through the employment of experimental techniques. The length of oil ganglion can
have various sizes depending on the wetting tendency of the rock surface, the extent of residual oil
saturation, and pore throat size distribution of rock sample [281]. Some studies monitored the dynamic
displacement of fluids [282,283] and water flooding in complex carbonate rocks [284]. Singh et al. [281]
through X-ray micro-tomography of a mixed-wet limestone rock sample after 19 pore volume of brine
injection observed that the remaining oil ganglia can have length size from less than 1 μm up to more
than 1 mm. A similar observation was reported in references [283–285]. We assumed that the length of
thin water film is approximately equal to the length of residual oil in a dead-end pore (see Figure 4.1c).
The analysis of core flooding tests performed on core RES-36B and B14 showed that the average length
of oil ganglion are 200 and 400 μm, respectively. As the length of 𝛺 increases, the ions need to travel
longer distances in order to change the physicochemical equilibrium condition at 𝛺 leading to the
wettability alteration of the rock surface. This means that oil break-through in core flooding tests with
longer size of thin films occurs with a longer delay compared with the core flooding tests with shorter
film lengths.
On the other hand, several factors such as the strength of electrical charges at oil-brine and rock-brine
interfaces, the thickness of thin water film, size, electrical charge and concentration of diffusing ions,
competitive behaviour of multiple ions for diffusion, thermodynamic conditions of the porous medium
in terms of temperature, pH, and many other parameters can influence the value of effective ionic
diffusion coefficient. To estimate the effective ionic diffusion coefficient in the presence of the electrical
field, one can solve the Poisson-Nernst-Planck equation [286]. In our study, the value of effective ionic
diffusion is estimated within the range of reported values for the carbonate rocks in the literature.

4.5.2.

Wettability change as a function of film length and time scale

The analyses of forced flooding tests in previous sections indicate that the wettability modification is a
time-dependent process. As the MSW invades into the porous rock medium, several cooperative
processes and interactions take place that contributes to detachment, coalescence, transportation,
banking, and eventual recovery of oil [264]. Each of these steps may contribute to the required time for
the observation of extra oil production after the injection of MSW. The two processes of ionic interaction
with rock surface and ionic diffusion into the thin water film are considered as the prerequisite
physicochemical interactions for rock wettability modification and oil detachment process. Our analyses
suggest that OBT in the core scale depends strongly on the strength of ionic diffusion into the thin water
film and ionic interaction with the rock surface. To assess the extent of required time for oil breakthrough
occurrence in the field scale by analysing the core flooding tests, the scalability of the induced delay in
oil production from the core to field-scale need to be investigated. The experimental data during tertiary
mode from core RES-36B shows that the oil breakthrough occurs with 5.22 hr delay. Including only
SO42- adsorption process into the transport equation (first scenario) can estimate 76.9% of the total delay
observed in core RES-36B while including only diffusion control process (fourth scenario) can estimate
11.9% of the total induced delay. Also, including Mg2+ or Ca2+ adsorption process into the transport
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equation can estimate 25.6% and 28.4% of total delay, respectively, while including only diffusion
control process can estimate 14.3% and 14.1% of the total induced delay. However, similar to the
analysis for SO42-, including both processes, can determine the total observed delay. We suggest that
both processes are responsible for some portions of the overall perceived delay. Since the ionic
adsorption occurs in the Darcy scale, the delay associated with the ionic adsorption is scalable from the
core to the field (ignoring the dispersion effects). This is different for the delay caused by the kinetics
of ionic transport in the water film. Since the size of 𝛺 is independent of the core length and is mostly
affected by the pore size distribution that does not significantly change by going from the core-scale to
the reservoir scale. Therefore, the induced delay associated with ionic diffusion is not scalable. This
implies that the impact of ionic adsorption on the OBT in the field scale may be in the range of several
months depending on the size and heterogeneity of the reservoir and injection rates while the effect of
ionic diffusion on delaying OBT in the field scale would be similar to that observed at the core scale.
Usually, the performance of core flooding tests is shown with respect to the injected pore volume. If the
OBT as a function of the injected pore volume is scaled from core to filed scale, the estimated OBT
would be considerably overestimated, that is due to the mistranslation of required time for the diffusion
control process to the number of pore volumes. Lager et al. [10] monitored the oil production rate and
well water-cut after injection of low salinity brine (2600 ppm) into the Alaskan reservoir. It was reported
that during low salinity brine injection period, oil production rate doubled for 12 months, while the
water-cut from producers and the produced brine salinity were considerably reduced. It was stated that
the low salinity effect began after injection of 0.3 pore volume in reservoir scale. However, the obtained
OBT in a core flooding test performed on a similar rock occurred after 0.4 pore volume. This can be due
to the rock heterogeneity and insignificant impact of retarded ionic transport in the water film on
delaying OBT. Seccombe et al. [197] showed that injecting reduced brine salinity (gravel-pits water)
into an isolated area (30-40 feet thick and 1040 feet long) of Endicott field (North Slope Alaska)
increased the rate of oil production and reduced the water cut (to roughly 90-92% for few months). After
almost 3 months of low salinity brine injection, the increment of oil production rate coincided with the
timing of total salinity reduction in the produced brine. It was reported that the oil recovery increased to
10% of OOIP after injection of 1.6 pore volumes of low salinity brine. Vledder et al. [198] analysed the
performance of injecting river water (with a salinity level of 500 mg/l) into Omar field in Syria by
monitoring the water-cut in 13 wells and conducting open hole single well Log-Injection-Log test. A
dual-step behaviour in the wells’ water cut was observed after 4 years from the start of low salinity brine
injection. These field observation also confirms the results of our study that faster response to the MSW
injection is expected in the field-scale compared to the lab tests on the cores from the same field. This
observation, however, does not mean that the observed correlation is necessarily caused by the diffusion
and adsorption controlled wettability alteration as suggested in this work. More studies need to be
conducted to confirm the proposed mechanism, as outlined in the next section.
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Recommendations for future studies
In-situ monitoring of oil and brine transportation during core flooding test can provide valuable
information. For instance, monitoring the saturation distribution of oil and brine phases along the length
of core sample and monitoring the size and length of residual oil ganglion before and after MSW
flooding can provide significant information on the role of MSW in the improvement of oil recovery.
Also, monitoring the status of the residual oil connectivity and studying their role in the mobilization of
remaining oil after the application of MSW flooding can reveal important information about the time
and length scale of wettability modification in the porous medium.
Calculation and measurement of multi-components effective diffusion coefficient under the presence of
electrically charged interfaces can be done to verify the important assumptions made in this work. The
approximate estimation of the effective ionic diffusion coefficient is used to emphasize that the ionic
diffusion into the thin water film is slower than the pure Fickian diffusion process and to demonstrate
the impact on the wettability alteration process as a function of time. For a more detailed study, one may
need to calculate or measure the effective ion diffusion into 𝛺 for a multi-component brine solution.

Conclusion
We propose a numerical model that relates the effect of the diffusion-controlled rock surface wettability
change at thin water film on the observed oil production at the Darcy scale in the core flooding tests.
Our proposed model involves the physicochemical interaction of various ions with the rock surface
expressed as the adsorption process and ionic diffusion into the thin water film. We employed 1D
advection-reaction-diffusion equations for the two domain of thin water film and Darcy scale to analyse
the impact of injecting brine with various ionic composition or lowering the salinity of injecting brine
on the improvement of oil recovery in several core flooding tests. The followings are the main
conclusion of this study:
A history-matched two-phase flow model that considers the wettability alteration as two sets of
relative permeability curves can predict the final oil recovery of the core flooding tests
accurately; however, the response time of the system to the injected modified salinity water can
only be quantified by including a diffusion- and adsorption-controlled model for the wettability
alteration.
Both ionic interactions with the rock surface and ionic diffusion into the thin water film
contribute to the oil breakthrough time. The merit of using our proposed model is that all
employed parameters for the adsorption and diffusion process are independently measurable,
and they are considered as non-fitting parameters.
The length of residual oil ganglion and the effective ionic diffusion into the thin water film have
a direct relation with the oil breakthrough time. Longer thin water films and lower effective
ionic diffusion coefficients result in a longer delay for oil breakthrough.

76

Conclusion

The induced delaying time associated with the adsorption process is scaleable while the induced
delay related to diffusion process is not scalable from the core to the field scale. The adsorption
process occurs along the length of the displacement path in the porous medium, while the length
of residual oil ganglion in the core and field-scale are similar.
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5
Modified salinity water flooding in heterogeneous
porous media
________________________________________________________________
Modified4 salinity water (MSW) core floodings conducted in carbonates often exhibit a delay in the
additional oil recovery. It has been suggested that the ionic adsorption process controls this delay. In
this study, we examine the adverse effect of the adsorption process on the performance of MSW flooding
in various models categorized as layered, and heterogeneous reservoirs, and a North sea field sector
model. To evaluate the impact of porous media heterogeneity on the delay caused by the adsorption, we
introduce the net present volumetric value based on which the cost of delay is calculated. This evaluation
is achieved by comparing the calculated cost of delay for heterogeneous systems and that of their
equivalent homogeneous porous media. It is found that as the level of reservoir heterogeneity increases,
the adverse effect of ionic adsorption on the improved oil production decreases. Further, computational
results suggest that the connectivity index, which is defined as the effective permeability between
injection and production wells divided by the average permeability, is a better alternative to the vorticity
index to describe the impact of the delay of additional oil recovery in heterogeneous reservoirs subjected
to MSW flooding.

This chapter is based on manuscript “ Modified salinity water flooding in heterogeneous porous
media”, submitted
4
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Introduction
Modified Salinity Water (MSW) flooding is a developing Enhanced Oil Recovery (EOR) technique that
targets at decreasing the residual oil saturation and speeding up the rate of oil production [189,213,264].
MSW is fabricated through modification of ionic composition or/and salinity reduction of injecting brine
[18–20]. Extensive researches have been conducted on the framework of MSW flooding in sandstone
and carbonate rocks to explain the principal mechanisms for the enhancement of oil recovery
[44,48,62,66,213,244,250,256,257]. Forced core flooding test is one of the most commonly used
techniques that is served as the primary evidence for the efficiency of MSW in the improvement of oil
recovery at the core scale. Usually, MSW core flooding tests are studied in two different ways, namely
secondary and tertiary modes. Secondary mode refers to the injection of MSW into a core at initial water
saturation condition, and the core sample is fully saturated with crude oil, while tertiary mode refers to
the production of remaining oil after primary depletion. During a core flooding test, several parameters
such as the produced volume of oil and water, pressure difference along with the core sample and ionic
concentration of injecting and producing brine are monitored as a function of time or the volume of the
injected fluid. Figure 5.1 illustrates the schematics of the behaviour of the mentioned parameters during
secondary and tertiary mode MSW flooding in a homogeneous porous medium. For a responsive oilrock-brine system to the implementation of MSW flooding, the oil recovery in both secondary and
tertiary mode increases compared to that obtained from the conventional water flooding (CWF) (i.e.
injection of high salinity water or formation water, FW) [12,48,257,262,287]. By the application of
MSW flooding, the pressure difference along the core sample reduces compared to CWF due to lower
viscosity and/or lower water relative permeability for MSW injection than that of CWF (Figure 5.1b and
5.1g) [208,262]. Figure 5.1c and h show the profile of water saturation as a function of dimensionless
distance, 𝑥 = 𝑥/𝐿, over dimensionless time, 𝑡 = 𝑄𝑡/(𝐴𝜑𝐿) where 𝑄 [m /s], 𝑡 [s], 𝐴 [m ], 𝜑 [-],
and 𝐿 [m] are the rate of injection, time, cross sectional area, porosity and length of core, respectively.
Injection of MSW reduces the residual oil saturation resulting in forming a second oil bank ahead of
MSW shock front. The water-cut shows a dual-step behaviour (Figure 5.1d). In secondary mode, the
water-cut jumps and then levels off until extra oil due to MSW flooding is produced. When MSW
saturation shock front reaches to the end of the core, the water-cut exhibits another jump. However, in
tertiary mode, the water-cut reduces (Figure 5.1i) and becomes constant due to the formation of a new
oil bank ahead of the saturation shock front and jumps again as the shock front reaches to the end of the
core [10,197,198]. The ionic concentration profiles may have considerable delay compared with the
front of tracer because of the reactivity of rock surface with the displacing brine (see Figure 5.1e and
5.1j) [9,182,208]. Taheriotaghsara et al.[262] linked the retardation of ionic species in the porous
medium to the process of wettability change on the rock surface from oil-wet to more water-wet
condition. They analysed several core flooding tests and observed that the oil breakthrough in tertiary
mode takes place with a delay, i.e., later than the time at which the injected MSW breaks through. For
instance, Figure 5.1a and 5.1f suggest that adsorption effect results in a delay for the extra oil production.
This means that for a homogenous system, the practical (economic) benefit from the implementation of
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MSW comes with a delay when the adsorption process is considered for the calculation of ionic species,
oil and brine transportation. The impact of the delay on the water saturation profile is the shift in the
shock-front towards left that translate to the delay for the arrival of new oil bank. Also, this delay
postpones the appearance of secondary jump in water-cut.

Figure 5.1 Schematics of modified salinity water flooding effect during secondary (upper figures) and
tertiary (lower figures) mode on oil recovery (a and f), pressure difference (b and g), water saturation (c
and h), water-cut (d and i), and outlet PDI concentration profiles (e and j). Solid black, red, and blue
lines illustrate the response to formation water (FW) flooding, MSW flooding without and with
adsorption process, respectively. The circle markers (BT) shows the water breakthrough time during
secondary mode water flooding. The dashed black line indicates the beginning of tertiary mode water
flooding.
Homogenous core plug samples are commonly selected for the performance of MSW flooding to ignore
the influence of heterogeneity. From the conventional water flooding procedure, it is well documented
that the presence of geological heterogeneity can affect the macroscopic sweep efficiency and oil
recovery. For instance, the effects of porosity and permeability heterogeneity on the final oil recovery
can be influenced by the flow direction, well patterns, depositional environment, and driven mechanisms
[288–291]. Besides, in a viscous dominated flow regime, the presence of a high permeable zone in
layered reservoirs results in the channelling of displacing fluid, hence causing the reduction of final oil
recovery [292]. The effect of channelling on the ultimate oil recovery can be even more detrimental
when there is an adverse viscosity ratio between the displaced and displacing fluids. Adverse viscosity
ratio results in the formation of viscous fingering problems leading to an early breakthrough in
displacing fluid [293–295]. Moreover, the density gradient between the displaced and displacing fluids
accompanied by the presence of heterogeneity in a layered reservoir may result in the deviation of flow
direction [296]. Usually, the presence of heterogeneity in the reservoir develops poor areal sweep
efficiency that leads to large packets of bypassed oil [297].
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The impact of MSW flooding in the improvement of areal and volumetric sweep efficiency under the
presence of geological heterogeneity was investigated in few studies [298–300]. The impact of
heterogeneity on the oil recovery and water breakthrough time as a function of slug size of MSW
injection during secondary and tertiary mode showed that as the level of heterogeneity increases, less
oil could be recovered, and water breakthrough time occurs earlier compared with those of the equivalent
homogenous system [300].
We investigate the role of heterogeneity on the delay caused by the ionic adsorption during application
of MSW flooding in carbonate rocks. With this aim, first, we present the governing equations of the two
phase flow and transport of the potential determining ions (PDIs). Then, we illustrate various types of
heterogeneous systems such as a simple layered system, heterogeneous reservoirs, and a sector scale
model with contrasting petrophysical properties . Finally, we compare the cost of delay calculated for
homogeneous reservoirs with that of more complex heterogeneous reservoirs.

Methodology
Through the following section, the method for simulation of MSW flooding in various reservoir models
is described. Also, several techniques for ranking of the complexity of the studied heterogeneous models
are presented.

5.2.1.

MSW flooding simulator

Eclipse 100 (Schlumberger’s simulator) is used to investigate the effect of heterogeneity on the
performance of MSW flooding in two and three-dimensional models. Eclipse 100 simulates MSW
flooding using the salinity thresholds model [301] by interpolating between the oil and water relative
permeability curves as a function of salt concentration [302]. Four sets of heterogeneous models are
prepared, and the details of their configurations are discussed in section 2.2. The level of complexity for
the prepared models are evaluated through the calculation of probability density function (PDF) of
single-phase velocity, vorticity index and connectivity index (see section 2.3). Tables 5.1 shows the
employed Broke-Corry’s parameters and fluid properties that are used for the simulation of MSW
flooding in models 1 to 3. To exclude the problem of viscos fingering and deviation of flow direction
due to adverse viscosity ratio and gravity gradient, the viscosity and density for both phases of oil and
water are kept equal to 1[cp] and 1[[kg⁄m ], respectively. Table 5.2 shows the ionic composition of
formation water and injecting MSW considered for all models. The Broke-Corry’s parameters of the
relative permeability and ionic composition of brine are extracted from the analysis of a limestone core
flooding experiement, core ID : L1, conducted by Gupta et al. [12] that is reported in reference [262].
Figure 5.2 shows the shape of oil and water relative permeability curves for FW and MSW. This figure
shows that the wettability of the rock surface shifts towards the more water-wet condition by the
application of MSW flooding. The injection rate and Initial pressure are equal to 50 [m3/day] and 273
[bar], respectively.
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Table 5.1 Fluid properties and employed Brock-Corry’s parameters for oil and water phases’ relative
permeability [262]
Fluid properties
brine
FW
MSW

𝜇

Corey’s relative permeability parameters

𝜇

𝜌

𝜌

[cp]

[cp]

[kg⁄m ]

[kg⁄m ]

1
1

1
1

1000
1000

1000
1000

𝑘

𝑘

0.066
0.063

0.417
0.592

𝑛
2.586
3.264

𝑛

𝑆𝑤

𝑆𝑜

1.917
1.648

0.108
0.102

0.394
0.358

Table 5.2 Ionic concentration of formation water and MSW [ppm] [262]
ions

𝑁𝑎

FW
MSW

𝐶𝑎

𝑀𝑔

𝑘

51820

15992

1280

0.0

10345

521

1094

391

𝑆𝑂

𝐶𝑙

𝐻𝐶𝑂

272

111516

391

9222

11911

0.0

Figure 5.2 oil and water relative permeability for oil-wet (FW) and water-wet (MSW) system
We implemented ionic adsorption, the amount of adsorbed species on the rock surface as a function of
ionic concentration, by using the tracer option in Eclipse 100. For this aim, the procedure described in
reference [262] was used. The interested reader is referred to the cited reference [262] for a detailed
description of the methods. The linearized form of Langmuir isotherm, Equation (5.1), is used to
estimate the amount of single ion species adsorption on the rock surface as a function of ionic
concentration in the injecting brine.
1
1
𝛽
=
+
Г
𝑘,𝐶 𝑘,

(5.1)

where Г [mol/m2] is the amount of adsorbed component, 𝐶 [mol/m3] is the concentration of component
i in the injecting water and 𝑘 [m] , 𝛽 [m3/mol] are the Langmuir’s constants. The Langmuir constants
for the relevant ions for the MSW flooding are determined through defining a background electrolyte
concentration for the solution in PHREEQC and changing the other ions concentration successively. In
doing so, an initial concentration of NaCl of 0.5 [M] is considered as a background electrolyte. In this
study, the adsorption of SO42- ion is taken into account as the wettability modifier. Therefore, SO42- ion
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concentration is increased from 0.01 to 0.1 [M] by adding the necessary concentrations of Na2SO4 to the
background electrolyte, i.e. NaCl. Other parameters required in the implementation of the surface
complexation model in PHREEQC are related to the surface. We set a specific surface area (SSA) of
2.5 [m2/g], and the amount of the active surface site density is equal to 4.95 [#/nm2] [146,158,223,225].
The initial solutions are charged balanced, and we perform the calculations at the equilibrium pH
predicted by PHREEQC. We then represent 1⁄Г against 1⁄𝐶 and from the equation of the linear trend
line passing through different data points, Langmuir constants are obtained (Figure 5.3).

Figure 5.3 Amount of component adsorbed Г versus concentration in the aqueous phase (𝐶 ) for SO42-

Model configuration for the numerical examples
Four different models are prepared to evaluate how the observed delay in the MSW coreflooding
experiments manifests itself at the reservoir scale in the presence of porosity and permeability
heterogeneity. These models are introduced in the following.
Model-1: Layered reservoir
Figure 5.4 shows various reservoir models having 1, 2, 4, and 20 layers with the same original oil in
place (OOIP) equal to 54400 [m ]. The models are discretized with 500×1×200 blocks. The length of
models in x, y, and z-direction are 200 [m], 200 [m], and 80 [m], respectively. It is assumed that the
producing and injecting wells are completed in the first and last columns of the grids, respectively. The
performance of MSW in layered reservoir models is studied for two sets of permeability distribution.
Model-1-I and Model-1-II have the permeability range between 0.1 and 10 [mD] and 1 and 10 [mD],
respectively.
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Figure 5.4 schematics of layered models (a) 1-layer, (b) 2-layer, (c) 4-layer, (d) 20-layer. The
permeability for top layer in model-1-I and model-1-II are 0.1 and 1 [mD], respectively, and the bottom
layer permeability in both models are 10 [mD]. The permeability in the middle layers is the log space
between the top and bottom layers. The average absolute permeability for the layered reservoir from a
to d in the model-1-I are 10, 5.05, 3.18, and 2.3 [mD], respectively. Also, the average permeability for
model-1-II are 10, 5.5, 4.45 and 3.99 [mD].
Model-2: Heterogeneous media
Figure 5.5 shows various heterogeneous realisations for a single layer reservoir model (Model-2). The
length of models and discretizations are similar to the Model-1. Similar to Nick et al. [303], correlated
fields are generated with a mean of 0.5 [mD] and variance, 𝜎 = 0.5. Three sets of permeability fields
with the correlation length in y-direction equal to 1, 5, and 10[m] are considered. For each of these sets,
four permeability fields are generated with different correlation length in x-direction equal to 1, 5, 50
and 200 [m]. In total, 3×4=12 permeability fields are made. The porosity is calculated using Equation
(5.2) [304].
𝜑=

𝐾
8.4 × 10

/

(5.2)

Due to the presence of heterogeneity, the local fluctuation of the velocity occurs in the reservoir. The
histogram of single-phase flow velocity provides quantitative insight into the complexity in
heterogeneous systems. For instance, the probability density function (PDF) of velocity for Ly=1 [m]
shows that as the correlation length in x-direction increases, Lx= 1, 5, 20, 200 [m], the distribution of
velocity range becomes wider; however, the maximum value for PDF reduces. For models with Ly=1
[m], the fluid flow encounters less disturbance for the displacement inside the reservoir compared to
models with higher Ly. On the other hand, for models with Lx=1 [m], as the correlation length in ydirection increases, the distribution of the velocity range becomes more narrow; however, the maximum
value of PDF increases. For this example, the direction of single-phase flow displacement is
perpendicular to the direction of the maximum principal equivalent permeability, which renders the
single-phase movement harder in the reservoir.
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Ly = 5 [m]

Ly = 10 [m]

Lx = 200[m]

Lx = 20[m]

Lx = 5 [m]

Lx = 1 [m]

Ly = 1 [m]

Figure 5.5 Twelve permeability fields generated for Model-2. The flow is from left to right.
Model-3: Quarter five-spot
Figure 5.6 displays the permeability fields for Model-3. The correlated fields are generated with a mean
of 0.5 [mD] and variance, 𝜎 = 0.5. The length of models in x, y, and z-direction are 200 [m], 200 [m],
and 80 [m], and the models are discretized with 200×200×1 blocks, respectively. The location of
producing and injecting wells are shown with red and blue circles, respectively. Figure 5.7 shows the
PDF of velocity for the heterogeneous systems in Model-3. Both models have the same distribution of
velocity, approximately.
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Homogeneous

Lx = Ly = 5 [m]

Lx = Ly = 20 [m]

mD

Figure 5.6 schematics of Model-3 with three permeability fields for quarter 5-spot well pattern.

Figure 5.7 probability density function (PDF) of velocity with the intervals of 50 for two heterogeneous
realizations of Model-3.
Model-4: Sector field scale
A North Sea sector model is selected to study the effect of the adsorption process in MSW flooding. The
3D-sector model has a size 440x5264x860 [m3] and discretized into 78x45x88 grid-blocks for the
simulation. A horizontal producing well is located between two horizontal water injection well. In the
real model, parallel hydraulically fractured exist along injection wells to increase sweep efficiency and
injectivity. For the sake of simplicity, the fractures are not included in the model in this study.

Z
X
Y

Figure 5.8 A 3D North Sea reservoir sector model with three horizontal wells.
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Analysis strategy
Three different characteristic parameters are calculated: 1) vorticity index, 𝐻 , [297], 2) connectivity
index, 𝛼, and 3) normalized cost of delay, NCD.
Vorticity index
This index is introduced by Rashid at al. [297]. It works based on the variation of the share-strain rate
of the single-phase-velocity field to characterize heterogeneity and rank the geological realization based
on their effects on secondary-recovery performance. The shear deformation rate describes how the shape
of a rectangular packet of single-phase fluid may change as it moves from one location to another one.
Rashid et al. [297] used Equation (5.3) as the definition of rate-of-share-deformation.
𝛾∙ =

∆𝑢 ∆𝑣
+
∆𝑦 ∆𝑥

(5.3)

Where ∆𝑢[m/s] and ∆𝑣[m/s] are the gradients of velocity at 𝑥 and 𝑦 direction, respectively. The level
of heterogeneity is calculated by the following equation [297].
𝐻 =

1
standard deviation (𝛾 ∙ )
∙)
(𝛾
,
𝐶
=
𝐶 (𝛾 ∙ )
mean(𝛾 ∙ )

(5.4)

The value of 𝐻 tends to zero as the reservoir becomes more heterogeneous and 𝐻 tends to infinity as
the reservoir becomes more homogenous [297].
Connectivity index
The inter-connectivity of different sections of a reservoir with respect to the injection and production
wells can reflect another aspect of complexity in a heterogeneous system. The connectivity index is
defined as effective permeability between injection and production wells divided by the average
permeability 𝛼 = 𝐾 /𝐾. The arithmetic average permeability 𝐾 is equal to 𝑛

∑

𝑘 , where ki is

the permeability value in a block, i, and n is the total number of blocks in a model. The effective
permeability [m2] values for model-1 and model-2 are calculated from Darcy flow equation,
𝐾

=

𝑄𝜇 𝐿
𝐴 ∆𝑃

(5.5)

where Q [m3/s] is injection rate, µ [Pa.s] is fluid viscosity, A [m2] is the cross-section area, L [m] distance
between injection and production wells in model-1 and model-2, and ∆P is the pressure difference
between injection and production wells. In model-3, the effective permeability of the system is
calculated using the radial flow equation.
𝑟
𝑟
2𝜋ℎ∆𝑃

𝑄𝜇 𝑙𝑛
𝐾

=

(5.6)

where re [m] is the distance between injection and production wells, which is equal to 200√2, m and rw
[m] is a wellbore radius (we assumed that rw = 0.13 [m] in the simulations).
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Cost of delay
Figure 5.1a and 5.1f show the profile of oil recovery with/without consideration of the adsorption
process during secondary and tertiary mode MSW flooding, respectively. The difference between the
black and red lines is equivalent to the amount of induced delay due to consideration of the adsorption
process as a function of time. In practice, the earlier oil production worth more significant than later
from an economic standpoint. Therefore in order to incorporate delay in our evaluations, the cumulative
net present volumetric value (NPVV) of produced oil as a function of time subjected to the discount rate
of 8 [%] is calculated. Equation (5.7) shows the employed NPVV equation, where 𝑉 [m ], 𝑅 [-], and
𝑡 [year] denote the yearly volume of produced oil, interest rate, and production time, respectively. The
cost of delay induced by the adsorption process on oil NPVV and the normalized cost of delay (NCD)
are calculated using Equations (5.8) and (5.9), respectively.
𝑉
(1 + 𝑅)

NPVV =
Cost of Delay = (NPVV)

(5.7)
(5.8)

− (NPVV)

Normalized Cost of delay = Cost of delay

/max(Cost of delay

)

(5.9)

Results and discussion
Through this section, we discuss the performance of MSW flooding with and without consideration of
the adsorption process in several heterogeneous systems.

5.5.1.

Mesh sensitivity

In this section, we study the sensitivity of the observation of water breakthrough time with adsorption
effect and delay as a function of the block size. We generated a heterogeneous system with a mesh of
25x1x10 grid-blocks and a similar size to the Model-1 and Model-2. Then, we started reducing the block
size to obtain the response of water breakthrough and delay to mesh refinement, as shown in Figure 5.9.
As the number of blocks increases (i.e. the size of each grid block reduces), the estimation of water
breakthrough time increases and approaches a constant value. The calculation of error for water
breakthrough time considering the finest grid as the reference solution shows that selecting 500×200
blocks results in an acceptable error (< 0.5 %). As it is shown in Figure 5.9b, the calculated delay is less
sensitive to the mesh size. Based on these analyses, the size of the employed blocks for the Model-1 and
Model-2 simulations is set to 0.4 [m] and for Model-3 element size is 1 [m].
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(a)

(b)

Figure 5.9 sensitivity of (a) water breakthrough time with the consideration of adsorption effect and (b)
delay to the block size. ℎ = 𝐿/𝑛, where 𝐿 = 200[𝑚], and 𝑛 are the length and the number of blocks,
respectively.

5.5.2.

Model-1: MSW flooding in layered reservoirs

Figure 5.10 shows the performance of secondary and tertiary mode MSW flooding in various layered
reservoir systems for Model-1-I. The plots with dashed and solid lines display the result of simulations
with and without consideration of the adsorption process, respectively. The induced delay due to the
adsorption process in a single layer homogenous reservoir results in the separation of the solid and
dashed line in oil recovery, water-cut, and salt concentration curves. This behaviour is observed both in
secondary and tertiary modes. As the number of layers increases to 2, 4, and 20 layers, the induced delay
becomes less severe. For instance, the difference between the dashed and solid lines in oil recovery
curve can hardly be distinguished for 20-layer reservoir case. Also, the presence of several layers affects
the level of final oil recovery for a constant volume of MSW injection (e.g., after injection of 1 [PV]).
For both secondary and tertiary mode MSW flooding, the rate of oil production increases as the number
of layers increases. The calculation of vorticity index, 𝐻 , shows that the 2-layer reservoir is the most
heterogeneous case and also has the lowest value of connectivity, 𝛼. However, as the number of layers
increases, the homogeneity level and connectivity of the defined cases improve, which is in line with
the trend of final oil recovery. The profile of water-cut during secondary mode shows that as the number
of layers increases, the water breakthrough occurs faster compared to the homogenous system. Because
most injection water preferentially flows into the high permeable layer(s) causes an earlier water
breakthrough. Also, during the tertiary mode, the water cut reduction takes place sooner in a multi-layer
reservoir compared to the homogenous system. Similar behaviour is observed for the profile of
producing salt concentration during the secondary and tertiary modes.
The saturation fields for Model-1-I and Model-1-II with/without consideration of the adsorption process
are shown in Figure 5.11 to show the sensitivity of the delay in layered reservoir cases to the permeability
contrast. The black and yellow dashed lines show the location of the water saturation shock front for the
studied cases with/without consideration of the adsorption process, respectively. The obtained results
show that as the number of layers increases, the difference between the black and yellow dashed lines
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reduces implying that the delay in oil production is less problematic, especially when the permeability
contrast between high-permeability and low-permeability layers increase (i.e., Model-1-II). The
observed delay for the cases with one order of magnitude difference in permeability is relatively more
significant than the delay in cases with two orders of magnitude difference in permeability. Due to the
higher arithmetic average for permeability in Model-1-I, more layers contribute to the oil production,
and water breakthrough occurs slower than the scenarios with two orders of magnitude difference in
permeability (Model-1-II).
Tertiary

Pore volume [-]

Pore volume [-]

C/C0[-]

Water-cut [-]

Recovery factor [-]

Secondary

Figure 5.10 Performance of MSW flooding in secondary (first column) and tertiary (second column)
modes in the layered reservoir, Model1-I. The tertiary mode starts after the injection of 0.5 pore volume
of FW. The level of homogeneity improves as the number of layers increases (e.g., 1, 2, 4, 20 layers).
The ionic adsorption process is included for the model results shown with dashed lines, while for the
solid lines, the ionic adsorption is ignored.
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1-layer

Without adsorption

With adsorption
1st
o rder
Model-1-II

2nd o rder
Model-1-II

2 -layer

Without adsorption

With adsorption

4-layer

Without adsorption

With adsorption

20-layer

Without adsorption

With adsorption

Figure 5.11 Water saturation fields for heterogeneous systems in Model-1. The water saturation fronts
(due to MSW injection) for the simulation with and without consideration of the adsorption process are
shown with yellow and black dashed lines, respectively.

5.5.3.

Model-2: MSW flooding in heterogeneous media

The profile of oil recovery, water-cut, and salt concentration during secondary and tertiary mode MSW
flooding for Model-2 with/without consideration of the adsorption process are shown in the
supplementary material. Figure 5.12 shows the profile of the normalized cost of delay (NCD) for the
discount rate of 8 [%] that is calculated using Equation (5.9). The obtained results for a constant
correlation length in y-direction show that as the connectivity index, 𝛼, increases, the maximum of NCD
reduces; however, the delay becomes more dispersed as a function of time. This trend is observed for
both secondary and tertiary mode MSW injection and all other correlation lengths in the y-direction.
Moreover, there are two differences between the profile of NCD in secondary and tertiary modes. Firstly,
the maximum delay in the secondary mode is slightly higher than the maximum delay in the tertiary
mode for all heterogeneous cases. For instance, the maximum NCD for the case “Lx=200Ly=200[m]”
in secondary and tertiary mode is approximately 0.73 and 0.67 [-], respectively.. The second difference
is the shift on the profile of NCD during tertiary mode compared with that of the secondary mode. This
shift is due to the production of extra oil at a later time in tertiary mode compared with the secondary
mode. In Figure 5.13, the maximum NCD for all heterogeneous systems for Model-2 is shown as a
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function of connectivity and vorticity index, 𝐻 , during secondary and tertiary mode MSW flooding.
The obtained results show that the maximum NCD has a reducing trend as the connectivity, 𝛼, increases;
however no correlation for the maximum value of NCD as a function 𝐻 is obtained.
Ly = 5 [m]

Ly = 10 [m]

Time [year]

Time [year]

Time [year]

Cost of delay - normalized [-]

Cost of delay - normalized [-]

Ly = 1 [m]

Figure 5.12 Calculated normalized cost of delay during secondary (upper row) and tertiary (lower row)
modes for Model-2.

(a)

(b)

Figure 5.13 Maximum normalized cost of delay as a function of (a) connectivity and (b) vorticity index.
Figure 5.14 shows the profile of water saturation after 0.3 [pv] of MSW injection in heterogenous cases
with a constant correlation length of 5[m] in the x-direction. The dashed lines indicate the water
saturation front at the tip. The difference between the black and yellow dashed lines is due to the
retardation caused by the adsorption process. For the model with smaller correlation length in ydirection, e.g., Ly=1 [m], the heterogeneous systems results in more pronounced fingering, however, as
correlation length in y-direction increases, e.g., Ly=10 [m], a more piston-like displacement of the phase
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can be observed. The water saturation fields for all considered cases in Model-2 are presented in the
supplementary material.
Ly = 5 [m]

Ly = 10 [m]

With adsorption

without adsorption

Ly = 1 [m]

Figure 5.14 Profile of saturation distribution for isotropic single layer reservoir with a constant
correlation length of Lx=5 [m] across various correlation length in the y-direction. The yellow and black
dashed lines show the water saturation fronts (due to MSW injection) for the model with and without
consideration of the adsorption process, respectively, after 0.3 [PV] MSW injection.

5.5.4.

Model-3: MSW flooding in quarter five-spot

Similar to the effect of heterogeneity on NCD observed in Model-2, the delay induced by the adsorption
process is reduced considerably for heterogeneous systems in Model-3 (Figure 5.15). It is evident that
this reduction is more pronounced in tertiary scenarios. The maximum NCD observed for the
heterogeneous cases under tertiary mode is limited to 30 % of that of the homogenous reservoir. The
reduced adverse impact of adsorption on recovery is due to velocity variation controlled by
heterogeneous permeability. Figure 5.16 compares the saturation distribution of homogenous and
heterogeneous models with/without consideration of the adsorption process. The difference between the
yellow and black dashed lines representing the saturation fronts for MSW illustrates the effect of the
induced delay. Note that the pore volume of the considered examples in Model-3 are different leading
to the observation of various oil breakthrough time. The corresponding pore volume of the examples are

Cost of delay - normalized [-]

reported in the supplementary material.

year
(a)

year
(b)

Figure 5.15 Calculated normalized cost of delay during (a) secondary and (b) tertiary modes, Model-3
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Lx = Ly = 5 [m]

Lx = Ly = 20 [m]

With adsorption

Without adsorption

homogeneous

Figure 5.16 Profile of saturation distribution for isotropic single layer reservoir with well arrangement
of quarter 5-spot. The upper and lower figures show the result of the simulation without and with
consideration of the adsorption process, respectively. The yellow and black dashed lines show the water
saturation fronts (for MSW flooding) for the model with and without consideration of the adsorption
process, respectively, after 0.3 [PV] MSW injection.
5.5.5. Model-4: MSW flooding in field-scale
The performance of MSW flooding in a North Sea field sector model is displayed in Figure 5.17. The
obtained result for the oil recovery during secondary and tertiary mode MSW flooding with/without
consideration of the adsorption process showed a marginal difference. The results shown in Figure 5.17
suggest that the manifestation of the delay observed in the core flooding experiments may not be
significant in the field scale.

(a)

(b)

Figure 5.17 Profile of oil recovery for (a) the secondary mode and (b) the tertiary mode for North Sea
sector model with and without consideration of the adsorption process.
It should be noted that the adsorption coefficient obtained from the core flooding test is employed
directly for the field sector model with somewhat large element size. Raoof et al. [305] suggested that
the equilibrium adsorption coefficients is scale dependent. Therefore, further investigations are required
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for scaling up of the adsorption parameters from core to field scale in order to provide better predictive
models.

Conclusion
The objective of this study is to investigate the influence of heterogeneity in various forms on the
performance of modified salinity water flooding. To study the effect of geological heterogeneity
systematically, several models are built, and the performance of the prepared models with and without
considerations of the adsorption process was studied. The main findings of this study are as follows:

The anticipation of field response to the injection of MSW just by scaling the results
from core flooding tests to the field scale induces a considerable error on the estimation
of final oil recovery improvement and the oil breakthrough time.
The results for the layered reservoir models during secondary and tertiary mode MSW
flooding showed that as the number of layers in the model increases, the induced delay
for oil breakthrough time due to the adsorption process is reduced.
In the heterogeneous reservoirs (Model-2), as the connectivity between the injection and
production well increases, the maximum normalized cost of delay (NCD) is reduced.
The calculated delay in various heterogeneous models shows a non-monotonic response
to the variation of vorticity index.
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6
Conclusion
________________________________________________________________
The objective of this thesis was to study the behaviour of modified salinity water (MSW) flooding as an
emerging enhanced oil recovery technique in carbonate rock at various length and time scales. The
physicochemical processes involved in the improvement of oil recovery by the injection of MSW were
investigated considering three scales, namely, thin water film, core and field scales.
In thin water film, the wettability of the rock surface in the presence of various electrolytes was
considered using the extended DLVO theory in Chapter 2. The total disjoining pressure and interaction
energy were estimated through the calculation of structural, van der Waals and electrical double layer
forces as a function of physicochemical properties at oil-brine and rock-brine interfaces. The calculation
of total interaction energy between the two interfaces reveals that increasing the salinity of brine solution
containing individual salts such as KCl, NaCl, and Na2SO4 results in a stronger attraction between the
oil-brine and rock-brine interfaces, leading to a thinner water film. Contrarily, increasing the
concentration of MgCl2, MgSO4, and CaCl2 provide a stronger repulsive force and thicker and more
stable water film between the oil and the rock surface. These observations were also consistent with the
contact angle measurements. We suggest that the main contributing mechanism to the modification of
oil contact angle on the calcite surface in presence of different brine compositions is the variation of
charges and potential at the oil-brine and rock-brine interfaces. Changes in IFT can be considered as a
complementary contributing mechanism in the process of shifting calcite wetting condition.
In chapter 3, the onset of oil production in tertiary mode MSW flooding in core scale was studied through
the utilization of a two-phase flow model combined with a single component adsorption transport model.
A tuned surface complexation model was also used to calculate the adsorption coefficient of the potential
determining ions (PDIs) on the carbonate surface. The analyses of several core flooding tests in
carbonate rocks revealed that the oil production starts after the injection of 0.5 to 1.0 pore volume of
MSW. Among the considered PDIs, we observed that the wettability modification due to the adsorption
of Ca2+ gives the best fit to the measured oil breakthrough time. Several sets of relative permeability
curves and adsorption coefficients for different brine-crude oil-carbonate systems were calculated for
the studied MSW core flooding experiments.
Next, the impact of rock surface wettability alteration at thin water film on the overall behaviour of oil
production at the Darcy scale was investigated in Chapter 4. To do this, an advection-reaction-diffusion
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Chapter 6: Conclusion
equation was employed considering two domains of thin water film and Darcy scale. The wettability
modification at thin water film domain was linked to the mobility of the phases in the Darcy domain.
From the conducted study, it was concluded that consideration of both ionic adsorption and diffusion
process for accurate estimation of oil breakthrough time and the trend of oil recovery curve is necessary.
Moreover, it was shown that the speed of wettability modification at thin water film domain is controlled
by the effective diffusion coefficient of ions and the characteristic length of the thin water film. It was
concluded that the ionic transport process in the water film can cause a delay in the onset of oil
production in the tertiary mode for MSW flooding. The size of this delay is independent of the length
of the porous medium, and the average length of residual oil ganglia and the apparent diffusion
coefficient of ions in the water film mainly control it.
In Chapter 5 the method introduced in Chapter 3 was applied at the larger scales aiming to gauge the
impact of permeability and porosity heterogeneity on the performance of MSW flooding. Considering
both linear and radial flow, various heterogeneous permeability fields were utilized. The analyses of
the simulations results suggest that the anticipation of field response to the injection of MSW just by
scaling directly the results of core flooding tests may be misleading. The obtained results for the layered
reservoir models during secondary and tertiary mode MSW flooding revealed that as the number of
layers with different flow properties in the model increases the induced delay for oil breakthrough time
due to adsorption process is reduced. The maximum normalized cost of delay was introduced to evaluate
the role of adsorption process on the possible delay at the reservoir scale. For many cases, it was
observed that as the connectivity between the injection and production well increases, the maximum
normalized cost of delay is reduced. We suggested that the delay analysed in Chapters 3 and 4 may be
less significant at the field scale compared to that at the core scale.
The analyses presented in this thesis are important for further understanding of the main mechanisms of
modified salinity water flooding in carbonates. As stated in Chapter 3, our hypothesis, i.e. mobilization
of oil by wettability alteration due to the adsorption of potential determining ions, although
experimentally observed in several experiments in chalk, still requires to be further investigated
experimentally and theoretically.
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Appendix A: supplementary material for chapter 2
Figure A1. shows the different possible shapes of disjoining pressure based on the values of contributing
terms in Equation (2.2). The disjoining pressure curve can have three types of behaviour. The type one
corresponds to the case where the disjoining pressure is always positive meaning the two interfaces
always repel each other. Based on Equation (2.2), cos 𝜃 > 1 and the surface is absolutely water-wet
meaning 𝜃 = 0. In this case, a strongly water-wet condition is considered and a thick and stable water
film exists over a wide range of thicknesses. Type two has “S-shape” feature and if the area under the
disjoining pressure (i.e., 𝐼 = ∫ ℎ𝑑Π) falls between −𝜎

and 0, the thin water film between the oil and

rock surface is stable and the contact angle between 0 and 90° is expected. If −2𝜎

< 𝐼 < −𝜎

, the

wetting transition occurs meaning that the contact angle is between 90° and 180°. When 𝐼 < −𝜎

, the

wetting behaviour of the rock surface is dependent on the net area enclosed by the curve. In this case,
the film is energetically unstable and if the capillary pressure exceeds the maximum capillary pressure,
Π

, the wetting film is ruptured and the wettability is modified. If 𝐼 < −2𝜎

(Type 3), the solid

surface preference is to be in contact with phase 𝛼 (see Figure 2.1). Since the shape of disjoining pressure
is a function of rock surface properties and fluid composition, the wettability of the rock surface can be
controlled.

Figure A1 Schematics of various shapes of disjoining pressure isotherms
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Poisson-Boltzmann solution for PP, CC, CP and PC assumption for dissimilar potential interfaces
across symmetric and asymmetric salts.

(a)

(b)

(c)

(d)

(e)

(f)

Figure A2 variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for PP. Potentials are 20 and 10 [mV] for the first and second surface, respectively.
Concentration of brine is 10-4 M.
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(a)

(b)

(c)

(d)

(e)

(f)

Figure A3 variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for PP. potentials are 20 and -10 [mV] for first and second surface, respectively.
Concentration of brine is 10-4 M.
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(a)

(b)

(c)

(d)

(e)

(f)

Figure A4 Variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for CC. potentials are 20 and 10 [mV] for first and second surface, respectively.
Concentration of brine is 10-4M.
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(a)

(b)

(c)

(d)

(e)

(f)

Figure A5 Variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for CC. potentials are 20 and -10 [mV] for first and second surface, respectively.
Concentration of brine is 10-4[M].
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(a)

(b)

(c)

(d)

(e)

(f)

Figure A6 Variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for CP. potentials are 20 and 10 [mv] for first and second surface, respectively.
Concentration of brine is 10-4M.
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(a)

(b)

(c)

(d)

(e)

(f)

Figure A7 Variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for CP. potentials are 20 and -10 [mv] for first and second surface, respectively.
Concentration of brine is 10-4(M).

105

(a)

(b)

(c)

(d)

(e)

(f)

Figure A8 Variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for PC. Potentials are 20 and 10 [mV] for first and second surface, respectively.
Concentration of brine is 10-4M.
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(a)

(b)

(c)

(d)

(e)

(f)

Figure A9 variation of pressure and energy per unit area for brine type of (1:Z) (a,b) , (Z:1) (c,d) ,
(Z:Z) (e,f) for PC. Potentials are 20 and -10 [mv] for first and second surface, respectively.
Concentration of brine is 10-4(M).
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Dolomite
48.84

37.23

L
[mm]

38.1

38.1

38.1

D
[mm]

0.2513

0.2526

0.190

0.204

𝜑
[-]

1.2

6.39

6.73

80.33

109.21

K
[mD]

0.07

0.109

0.108

0.316

0.273

swi
[-]

16.535

14.35

14.50

10.58

8.66

PV
[cm3]

0.01

0.1

0.1

0.1

0.1

Q
[cm3/min]

110

120

120

70

70

T
[℃]

Steps

R
[%]
30.3
6.0
61.6
9.0
55.8
5.1
48.3
21.3
65
3.2
68.59
3.2
56
4.13
67.1
6.99
9.12
1.63
0.0
74.1
8.48
9.95
0.95
0.0

PVb
[-]
1.58
1.89
0.644
0.6986

0.476
0.272
0.242
0.232
0.212
0.193
0.476
0.272
0.242
0.232
0.212
0.193

0.4525
0.2565
0.552
0.316

𝜇
[cp]
0.655
0.438
0.655
0.438
0.381
0.251
0.381
0.2484

24
6.87
6.21
6.015
6.05
5.81
14
6.87
6.21
6.015
6.05
5.81

6.43
3.78
9.53
5.69

∆𝑝
[psi]
0.44
0.273
0.469
0.346
9.37
6.44
9.39
6.58

0.2950
0.2330
0.1510
0.1350
0.1350
0.221
0.1490
0.0640
0.054
0.054

0.3239
0.2941
0.289
0.259

𝑠𝑜
[-]
0.506
0.463
0.263
0.201
0.263
0.201
0.462
0.339

0.3507
0.3451
0.3416
0.3104
0.2942
0.3501
0.3397
0.3295
0.3019
0.2970

0.1023
0.099
0.0876
0.0841

𝑘
[-]
0.1082
0.0964
0.1825
0.1654
0.0659
0.0632
0.0687
0.0588

0.18
0.3793
-

0.1957
0.2029
-

𝑘
[-]
-

Pressure drop analysis

0.86
0.782
0.313
0.9966
0.7977
0.7319
0.5909
0.6493
0.6938
-

Flooding performance

Table B1 Petrophysical and flooding properties and performance of analysed core flooding tests

D1
Dolomite
50.34
38.1
0.18

Flooding
properties

D2
Limestone
50.08
38.0

Petrophysical properties

L1
Limestone
81

Core
ID

L3
Limestone

120

5B

0.025

100

90
36

1

100

0.01

0.08

45.87

1

17.147

1-2

0.11

66.53

0.08

0.45

39
.60

0.15

1.2

38.1

0.2510

68.3

0.18

70

3.80

0.2465

38.0

Chalk

16.24

3.81

84

SF20

Carbonate

23.65

Limestone

first

Carbonate

6B

second

1st:FW
2nd: SW4xSO4
1st:FW
2nd:SW4xSO4
1st:FW
2nd:SW4xSO4
1st:FW
2nd :SW w/o
SO4+Phosphate
1st:FW
2nd : 100x dFW
1st:FW
2nd : 100x dFW
1st :FW
2nd :SW
0: FW
1st :SW
2nd :2DSW
3rd : 10DSW
4th : 20DSW
5th : 100DSW
0: FW
1st :SW
2nd :2DSW
3rd : 10DSW
4th : 20DSW
5th : 100DSW

Ref.

[12]

[12]

[12]

[12]

[60]

[60]

[48]

[187]

[187]
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Table B2 Formation brine and secondary mode brine composition and properties.[*] means that
the composition of brine during secondary mode is similar to the formation brine

PDI (ppm)

𝑁𝑎
𝐶𝑎
𝑀𝑔
𝑘
𝑆𝑂
𝐶𝑙
𝐻𝐶𝑂
𝑇𝐷𝑆

Formation brine composition and properties

secondary

*Core ID:
D1, D2, L1,
L3
51820
15992
1280
0.0
272
111516
391
181273

CoreID:
First,
second
18300
650
2110
0.0
4290
32200
120
57670

*CoreID:
5B, 6B
60207.6
17514.09
1847.18
0.0
0.0
129155.3
183.05
208907

CoreID:
First,
second
59491
19040
2439
0.0
350
132060
354
213734

*CoreID:
SF#20
22980
1162.262
194.44
192.49
0.0
37934.71
549.15
63016.05

Table B3 Tertiary mode brine composition and properties
PDI (ppm)

𝑁𝑎
𝐶𝑎
𝑀𝑔
𝑘
𝑆𝑂
𝐶𝑙
𝐻𝐶𝑂
𝑇𝐷𝑆

Tertiary mode brine composition and properties
Core ID:
Core ID: Core ID: CoreID:
D1, D2, L1 L3
5B,6B
First,
second
602.076
9150
10345
9245
175.14
325
521
521
18.47
1055
1094
1094
0.0
0.0
391
391
0.0
2145
9222
0.0
1291.55
61100
11911
18719
1.83
60
0.0
0.0
29970
2089.07
26335
33484
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CoreID:
SF#20
10341
521.014
1093.725
390.98
2305.44
1879.009
122.033
16653

Flooding sequence

Corey’s relative permeability parameters
𝑘
𝑘
𝑛
𝑛
𝑠𝑤
𝑠𝑜
0.1296 0.367 1.182 4.198 0.273 0.481
0.1245 0.354 2.111 3.706 0.282 0.429
0.199
0.811 1.000 3.454 0.316 0.243
0.167
0.840 2.634 2.191 0.320 0.197
0.066
0.417 2.586 1.917 0.108 0.394
0.063
0.592 3.264 1.648 0.102 0.358
0.0700 0.200 2.331 1.903 0.100 0.457
0.0703 0.264 2.702 2.009 0.128 0.324
0.110
0.243 5.089 2.053 0.070 0.301
0.091
0.530 4.909 1.504 0.080 0.294
0.105
0.184 2.113 2.567 0.080 0.244
0.101
0.402 2.949 1.500 0.080 0.237
0.150
0.707 1.610 1.732
0.08
0.374
0.130
0.801 1.330 1.959
0.08
0.313
0.353
0.251 2.974 2.250 0.103 0.246
0.393
0.202 2.053 2.017 0.103 0.356
0.331
0.746 3.005 1.591 0.094 0.234
0.339
0.765 2.951 1.519 0.104 0.151
0.281
0.950 3.888 1.200 0.103 0.142
0.262
0.976 3.999 1.210 0.103 0.132
0.393
0.517 2.264 2.341 0.144 0.192
0.509
0.380 2.048 2.001 0.144 0.306
0.375
0.948 2.910 1.548 0.143 0.150
0.407
0.952 3.037 1.552 0.143 0.063
0.375
0.960 3.296 1.050 0.144 0.054
0.335
1.000 3.371 1.010 0.144 0.054

Adsorption equilibrium constant[𝐷 ]
𝐶𝑎
𝑀𝑔
𝑆𝑂
0.2928
0.2744
0.1031
0.3199
0.2997
0.1127
0.3773
0.2882
0.1259
0.3781
0.2889
0.9972
1.1206
0.776
1.0132
0.163
0.153
0.232
0.259
0.148
0.206
0.420
0.264
0.372
0.805
0.671
0.979
0.908
0.827
1.224
1.010
1.015
1.530
0.266
0.152
0.211
0.430
0.271
0.381
0.825
0.687
1.002
0.930
0.847
1.254
1.035
1.040
1.567

Table B4 Obtained Corey’s relative parameters from history matching of core flooding tests and adsorption equilibrium constant from
surface complexation model
Core ID

D1
D2
L1
L3
5B
6B
SF20

first

second

1st:FW
2nd: SW4xSO4
1st:FW
2nd:SW4xSO4
1st:FW
2nd:SW4xSO4
1st:FW
2nd :SW w/o SO4+Phosphate
1st:FW
2nd : 100x dFW
1st:FW
2nd : 100x dFW
1st :FW
2nd :SW
0: FW
1st :SW
2nd :2DSW
3rd : 10DSW
4th : 20DSW
5th : 100DSW
0: FW
1st :SW
2nd :2DSW
3rd : 10DSW
4th : 20DSW
5th : 100DSW
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Table B5 Performance of analysed core flooding tests. The green boxes are related to the best
fitting results
Core ID

Rock type

D1

Dolomite

D2

Dolomite

L1

Limestone

L3

Limestone

SF#20

Chalk

First

Carbonate

Second

Carbonate

Flooding sequence

Rf
[%]

1st:FW
2nd: SW4xSO4
1st:FW
2nd:SW4xSO4
1st:FW
2nd:SW4xSO4
1st:FW
2nd :SW w/o SO4+Phosphate
1st :FW
2nd :SW

30.3
6.0
61.6
9.0
55.8
5.1
48.3
21.3
56
4.13

1st :SW
2nd :2DSW

Exp.

Model PVb
Ref.

PVb
[-]

NO
Ads.

Ca+2

Mg+2

SO4-2

1.08

0.833

1.0958

1.015

0.9001

[[12]]

1.78

1.139

1.71

1.55

1.47

[[12]]

0.765

0.5466

0.8615

0.7772

0.6458

[[12]]

0.6986

0.4724

0.7497

0.7061

-

[[12]]

0.7455

0.6004

0.7001

0.6941

0.7427

[[48]]

67.1
6.99

0.9966

0.7041

1.059

0.931

1.0203

3rd : 10DSW

9.12

1.138

0.669

1.1463

1.071

1.23

1st :SW
2nd :2DSW

74.1
8.48

0.99

0.756

1.1033

0.9689

1.051

3rd : 10DSW

9.95

1.19

0.792

1.203

1.16

1.311

111

[[187]]

[[187]]

Figure B1 History matched core floods

CoreID:6B

CoreID:5B

CoreID:L3

Core ID: SF#20

CoreID:D2

CoreID:L1

Core ID: Second

CoreID:D1

Core ID: First
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Figure B2 Single ion adsorption effect on quality of history matching and estimation of PVb

CoreID:6B[[60]]

CoreID:5B[[60]]

CoreID:L3[[12]]

Core ID: SF#20[[48]]

CoreID:D2[[12]]

CoreID:L1[[12]]

Core ID: Second[[187]]

CoreID:D1[[12]]

Core ID: First[[187]]
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Figure B3 Relative permeability of the analysed core flooding tests.

CoreID:6B[[60]]

CoreID:5B[[60]]

CoreID:L3[[12]]

Core ID: SF#20[[48]]

CoreID:D2[[12]]

CoreID:L1[[12]]

Core ID: Second[[187]]

CoreID:D1[[12]]

Core ID: First[[187]]
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Appendix C: supplementary material for chapter 5
Tertiary

Pore volume [-]

Pore volume [-]

C/C0[-]

Water-cut [-]

Recovery factor [-]

Secondary

Figure C1 Performance of MSW flooding in secondary (first column) and tertiary (second column)
modes in the layered reservoir for model1-II. The tertiary mode starts after injection of 0.5 pore
volume of FW. 𝐻 increases as the number of layers increases (e.g. 1, 2, 4, 20 layers). The ionic
adsorption process is included for the model results shown with dashed lines while for the solid lines,
the ionic adsorption is ignored. As the level of heterogeneity for the studied cases increases, the
observed delay becomes more severe except for the single layer reservoir.
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Ly = 5 [m]

Ly = 10 [m]

Lx = 200 [m]

Lx = 20 [m]

Lx = 5 [m]

Lx = 1 [m]

Ly = 1 [m]

Figure C2 Profile of saturation distribution for single heterogeneous layer reservoir across various
correlation length in x- and y-direction. The yellow and black dashed lines show the front of water
saturation for the model with and without consideration of the adsorption process, respectively, after
0.3 [PV] MSW injection.
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Ly = 5 [m]

Ly = 10 [m]

Pore volume [-]

Pore volume [-]

Pore volume [-]

C/C0[-]

Water-cut [-]

Recovery factor [-]

Ly = 1 [m]

Figure C3 Performance of MSW flooding in secondary mode in the single layer heterogeneous
reservoir (Model-2). The ionic adsorption process is included for the model results shown in dashed
lines while for the solid lines, the ionic adsorption is ignored. The ionic adsorption process is
included for the model results shown with dashed lines while for the solid lines, the ionic adsorption
is ignored.
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Ly = 5 [m]

Ly = 10 [m]

Pore volume [-]

Pore volume [-]

Pore volume [-]

C/C0[-]

Water-cut [-]

Recovery factor [-]

Ly = 1 [m]

Figure C4 Performance of MSW flooding in tertiary mode in the single layer heterogeneous
reservoir (Model-1). The ionic adsorption process is included for the model results shown in dashed
lines while for the solid lines, the ionic adsorption is ignored. The ionic adsorption process is
included for the model results shown with dashed lines while for the solid lines, the ionic adsorption
is ignored.
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Tertiary

Pore volume [-]

Pore volume [-]

C/C0[-]

Water-cut [-]

Recovery factor [-]

Secondary

Figure C5 Performance of MSW flooding in secondary (first column) and tertiary (second column)
modes in Model-3. The tertiary mode starts after injection of 0.5 pore volume of FW. The ionic
adsorption process is included for the model results shown with dashed lines while for the solid lines,
the ionic adsorption is ignored.
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